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This appendix presents supplementary
materials which were used to prepare oil recov-
ery projections and to compute the costs to pro-
duce enhanced oil. Itis organized into two sec-
tions, the first describing the technological
assumptions for each enhanced oil recovery
(EOR) process. For each process the “state of the
art” of the technology is assessed. Models used
to compute recoveries and production rates are
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presented in detail. Cost data which are specific
to a process are documented. Results of calcula-
tions not presented in the body of the report are
given.

The second section describes the economic
model used in the OTA study. Cost data which
are independent of the process are documented
in this section.

Technological Projections

Surfactant/Polymer  Flooding

State of the Art—Technological Assessment

The surfactant/polymer process involves two
technologies. The first is the art of formulating a
chemical slug which can displace oil effectively
over a wide range of crude oil compositions, for-
mation water characteristics, and reservoir rock
properties. As used in this section the term
chemical slug refers to all injected fluids which
contain a surfactant mixed with hydrocarbons,
alcohols, and other chemicals. Excluded from this
definition is alkaline flooding,’a process in which
surfactants are generated in situ by reaction of
certain crude oils with caustic soda.

The second technology is the displacement of
the injected chemical slug through the reservoir.
This technology is governed by economic and
geologic constraints. The cost of the chemical
slug dictates use of small volumes in order to
make the process economically feasible. The
technology for displacement of the chemical slug
through a reservoir relies on controling the rela-
tive rate of movement of the drive water to the
chemical slug. Effective control (termed mobility
control) through process design prevents ex-
cessive dilution of the chemical slug. If mixed
with displaced oil or drive water, the chemical
slug would become ineffective as an oil-displac-
ing agent. Control of the mobility of the chemical
slug or drive water is accomplished by altering
the viscosities or resistance to flow of these fluids
when they are formulated. z

NOTE: All references to footnotes in this appendix appear
on page 193.

Research to find chemicals which displace oil
from reservoir rocks has been conducted in
Government, industry, and university laboratories
for the past 25 years. Research activity in the
period from 1952 to about 1959 was based on
the injection of dilute solutions of surfactant
without mobility control .-3 Activity peaked with
the advent of each new chemical formulation in
the laboratory and declined following disap-
pointing field results. In some tests, surfactants
were injected into reservoirs with no observable
response. in other tests, the response was so
small that the amount of incremental oil
recovered was almost unmeasurable. The cost of
whatever incremental oil was produced was
clearly uneconomic.

The period beginning in the late 1950’s and
extending into the present is characterized by
major advances in formulation of the chemical
slug and control of slug movement through a
reservoir. Several laboratories developed for-
mulations based on petroleum sulfonates which
may displace as much as 95 percent of the oil in
some portions of the reservoir which are swept
by the chemical slug.” Addition of water-soluble
polymer to drive water has led to mobility con-
trol between the drive water and chemical slug.’

Field tests of the different processes have pro-
duced mixed results. About 400,000 barrels of oil
have been produced from reservoirs which have
been previously waterflooded to their economic
limit.”** Oil from one test was considered~
economic. All other oil was produced under con-
ditions where operations were uneconomic.
Offsetting these technically successful testsare
several field tests which yielded considerably less
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incremental oil than anticipated. ” ***The state
of technology is such that honest differences of
opinion exist concerning the reasons for disap-
pointing field test results.**

The current ERDA program includes six large-
scale, cooperative, field-demonstration tests. The
fields and locations are summarized in table B-1.
The first five projects are in fields which have
been intensively waterflooded. In these tests, the
principal objectives are to demonstrate the effi-
ciency and economics of recovery from a suc-
cessfully depleted waterflood using the surfac-
tant/polymer process. The Wilmington reservoir
contains a viscous oil. An objective of this proj-
ect is the development of a surfactant/polymer
system which will displace viscous oil
economically.

Table B-1

ERDA Cooperative Field-Demonstration Tests of EOR
Using the Surfactant/Polymer Process

Field Location
ElDorado. . . . ........ . . .. Kansas

North Burbank. . . . ... .............. Oklahoma
Bradford . . . ... Pennsylvania
BellCreek. . .. ... ... .. ... .. ... ... Montana
Robinson . .. ......... ... ... ... .. ... lllinois
Wilmington . . . ... ... ... California

screening Criteria. —The screening criteria in
table 7 of the main text reflect estimates of tech-
nological advances in the next 20 years as well as
current technology inferred from past and ongo-
ing field tests. For example, technological ad-
vances in temperature tolerance are projected so
that reservoirs which have a temperature of
200° F can have a technical field test in 1985.

The OTA screening criteria coincide with
those used by the National Petroleum Council
(NPC)*with one exception. The OTA data base
did not contain adequate water-quality data for
all reservoirs. Consequently, reservoirs were not
screened with respect to water quality.

The screening criteria were reviewed prior to
acceptance. The review process included infor-
mal contacts with personnel who did not partici-
pate in the NPC study and an examination of the
technical literature. The principal variables are
discussed in the following sections.

The screening criteria are judged to be repre-
sentative of the present and future technological
limits. As discussed later, it is recognized that
permeability and viscosity criteria have economic
counterparts. However, the number of reservoirs
eliminated as candidates for the surfac -
tant/polymer process by either of these screening
criteria was insignificant.

Current Technology (1976).--Current limits of
technology are reflected by field tests which
have been conducted or are in an advanced stage
of testing. These are summarized in table B-2."
Field tests are generally conducted in reservoirs
where variation in rock properties is not large
enough to obscure the results of the displace-
ment test due to reservoir heterogeneities. These
reservoirs tend to be relatively clean sandstone
with moderate clay content. A crude oil viscosity
less than 10 centipoise is characteristic of most
surfactant/polymer field tests. Reservoir tem-
peratures range from 55° F to 169° F.

Reservoir Temperature.—Surfactants and
polymers are available which tolerate tem-
peratures up to about 170° F. Research on
systems which will be stable at 200° F is under-
way in several laboratories. The rate of tech-
nological advance in this area wil probably be
related to the success of field tests of the surfac-
tant/polymer process in lower-temperature reser-
voirs. Successful field tests will stimulate
development of fluids for higher-temperature
deeper reservoirs as potential applications in
those reservoirs become a reality. The assumed
timing of technological advances in temperature
limitations appears attainable.

Permeability and Crude Oil Viscosity. -Per-
meability of the reservoir rock is both a tech-
nological and an economic factor. The surfac-
tant/polymer process will displace oil from low
permeability reservoir rock.*A minimum per-
meability based on technical performance of the
process has not been established. Low per-
meability may correlate with high-clay content of
the reservoir rock and corresponding high-surfac-
tant losses through adsorption. The surfactant
slug must be designed so that its integrity can be
maintained in the presence of large adsorption



Table B-2
Summary of Surfactant Field Tests Being Conducted by

Industry Without ERDA Assistance

Process Area Porosity Perm. Depth Reservoir Oil Temp. Salinity
Field State County Operator Type* (Acres) Start Pay (%) (Md) (ft) °API) ©cp (°F) (ppm) Comment
Robinson Ill.  Crawford Marathon MSF 0.75-40 11 /62  Robinson 20 200 1,000 35-36 7 72 HPW 18,150 ppm 6 tests
TDS (1 19-R)
. Marathon MSF 4.3 5/70 Aux Vases 3,000
Bingham Pa. McKean Pennzoii MSF 0.75-45 12/68 Bradford 18 82 1,860 5 68 2,800 CI - 2 tests
Goodwill Pa. Waxyen Quaker St.  MSF 10 5/71  First Venongo 600 40 45 55
Hill

Benton 1. Franklin  Shell Aqueous  1-160 11/67 Tar Springs 19 69 2,100 4 86 77,000 ppm TDS 2 tests
Loudon 1. Exxon Aqueous 0.65 9/70  Chester 21 103 1,460 4 Est. 64,000 CI -

solution Cypress 95 104,000 TDS
Higgs Unit Tex. Jones Union SOF 8.23 8/69  Bluff Creek 229 500 1,870 37 43 95 54,000 cl-
Big Muddy Wyo. Converse Conoco SF 1 8/73  Second 19.2 52 3,100 34 5.6 114 7,700 TDS,

Wall Creek 20 pRAm fractured,

Griffin Ind.  Gibson Conoco SF 0.8 11 /73 Upper 20 75 2,400 37 CA+ Mg
Consol. Cypress
Wichita Tex. Wichita Mobil LTWF 209 7173 Gunsight 22 53 1,750 42 22 89 160,000 TDS
Co. Regular
Borregos Tex. Kleberg Exxon Aqueous 1.25 mid Frio 21 *400 5,000 42 0.4 165 33,000 TDS

solution 60’s
Guerra Tex. Star Sun SF 2.0 Jackson 33 2,500 2,270 36 1.6 122 20,000 TDS
Bridgeport Ill. Lawrence  Marathon MSF 2.5 9/69  Kirkwood 18 90 1,500 3839 55 72
Sayles Tex. Jones Conoco SF 25 /63  Flappen 21.7 457 1,900 38
Montague Tex. Montague Conoco SF 2.5 /63  Cisco 24.2 394 1,200 27 150,000 TDS
Loma NoviaTex. Duval Mobil SF S.o mid 4% kaolinitc

60's 5.5% montmorillonite

Salem . Marion Texaco LTWF 5.8 4/74 U. Benoist 14.8 87 1,750 38 36 085 40,000cl-
Sloss Nebr. Kimball Amoco SF 10.0 1/75 Muddy J. 171 93 6,250 34 0.8 165 2,457 TDS
West RanchTex. Jackson Mobil LTWF 2.5 6J74 41A 31 950 5,700 32 0.7 169 60,000CI"
La Barge Wyo. Sublette  Texaco SF 17 1/75  Almy 26 450 700 26 17 60 1,017 Ca™and Mg™

* Process Type normally refers to specific surfactant floods used, but is not intended to characterize actual differences: Aqueous-dispersion of sulfonate in water with very little
oil in slug; MSF—micelfar surfactant flood; SOF—normally considered “oil external” chemical slug; SF and LTWF—surfactant flood and low-tension waterflood normally similar to

aqueous systems.

Source: Enhanced 0// Recovery, National Petroleum Council, December 1976, p. 97.
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losses. As a result, larger slugs or higher con-
centrations may be needed with corresponding
increases in costs.

Permeability, fluid viscosities, well spacing,
and maximum injection pressure affect the rate at
which a chemical slug can displace oil from a
reservoir. Low permeability translates to low dis-
placement rates or increased well density to
maintain a specific rate. Both lead to higher proc-
ess Costs.

The same reasoning applies to crude oil
viscosity. As viscosity increases, displacement
rates decrease or well density increases. Mobility
control in the surfactant/polymer process is at-
tained by increasing the viscosities of the chemi-
cal slug and the drive water. Both of these
changes require addition of expensive constit-
uents to these fluids. Therefore both permeability
and viscosity are constrained by economics.

It is known from laboratory tests that oil recov-
ery by the surfactant/polymer process is a func-
tion of displacement rate. For example, more oll
is recovered at an average displacement rate of 5
ft per day than at the rate of 1 ft per day”which
exists in a typical reservoir. Rate effects in field
size patterns may be revealed in the Marathon-
ERDA commercial demonstration test.”

Water Quality .-Composition of the formation
water is a critical variable in the surfac-
tant/polymer process. Fluids under field tests can
tolerate salinities of 10,000 to 20,000 ppm with
moderate concentrations of calcium and mag-
nesium, although reservoirs containing low-
salinity flu ids are preferred. Some field tests are in
progress in which preflushes are used to reduce
salinity to levels which can be tolerated by the
injected chemicals. ** However, in one large
field test®the inability to attain a satisfactory
preflush was considered to be a major contribu-
tor to poor flood performance. Potential short-
ages of fresh water for preflushing and uncertain-
ty in effectiveness of preflushes have stimulated
research to improve salinity tolerance.

Technological advances were projected in the
NPC study which would increase the salinity
tolerance from 20,000 ppm in 1976 to 150,000
ppm in 1980 and 200,000 ppm in 1995. The OTA
technical screen does not contain a similar

scenario because salinity data were not available
for all the reservoirs in the OTA data base. It does
not appear that results would have been affected
appreciably if the data were available in the data
base to schedule technological advances in
salinity tolerance.

Rock Type.—The surfactant/polymer process
is considered to be applicable to sandstone reser-
voirs. Carbonate reservoirs are less attractive can-
didates because 1 ) the formulation of compatible
fluids is more difficult due to interaction with
calcium and magnesium in the rocks; 2) carbon-
ate reservoirs frequently produce through small-
and large-fracture systems in which maintenance
of an effective surfactant slug would be difficult;
and 3) there is a consensus among technical per-
sonnel that the CO,miscible displacement proc-
ess is a superior process for carbonate reservoirs.

Reservoir Constraints. —Reservoirs with large
gas caps which could not be waterflooded either
by natural water drive or water injection are likely
to be unacceptable. Also, reservoirs which pro-
duce primarily through a fracture system fall in
the same category. However, there is the
possibility of technological developments®
which would restrict flow in the fracture system
and perm t displacement of the surfactant slug
through the porous matrix.

Oil Recovery Projections

The surfactant/polymer process is applied in a
reservoir which has been previously
waterflooded, There are different opinions
among technical personnel concerning the
volume of the reservoir which may be swept by
the process. Some consider that the swept
volume will be less than the volume swept by the
waterflood, while others envision more volume
swept by the surfactant/polymer process. The
reasoning behind these viewpoints is summa-
rized in the following subsections.

Swept Volume Less Than Water flood Sweep.—
Residual oil saturations and volumetric sweep
efficiencies attributed to waterflooding are fre-
quently the result of displacing many pore
volumes of water through the pore space. In con-
trast, the surfactant/polymer process can be ap-
proximated as a 1- to 2-pore volume process



which may lead to a smaller fraction of the reser-
voir being contacted by the surfactant/polymer
process.

Many reservoirs are heterogeneous. It can be
demonstrated that heterogeneities in the vertical
direction of a reservoir which have relatively
small effect on the sweep efficiency of a
waterflood may have large effects on the sweep
efficiency of the surfactant/polymer process.”
For instance, in a layered reservoir it may not be
possible to inject enough surfactant into all layers
to effectively contact the regions which were
previously waterflooded.

Surfactant/Polynmer Swept Volume Outside of
Waterflood Region.—The region outside of the
volume swept by the waterflood contains a high
oil saturation. in many surfactant processes, the
viscosity of the injected fluids is much higher
than water used in the previous waterflood. This
could lead to increased volumetric sweep effi-
ciency for the surfactant/polymer process.
Davis®has presented data from a Maraflood™
oil recovery process test in the Bradford Third
Sand of Pennsylvania. An increase of 7 to 10 per-
cent in the volumetric sweep efficiency for the
surfactant process over the previous waterflood
was indicated in his interpretation of the data.

OTA Model.-The OTA model is based on the
assumption that the region contacted by the sur-
factant/polymer process in most reservoirs is the
region swept by the previous waterflood. The
surfactant/polymer process displaces oil from the
previously water-swept region by reducing the
oil saturation following the waterflood (S,,) to a
lower saturation, termed S., which represents
the residual oil saturation after a region is swept
by the surfactant/polymter process. The oil recov-
ery using this representation of the process was
computed using equation 1 B for each pattern
area,

Ahe E,,
pc B

O

(Snrw - Snf) 18

where

Npc -oil displaced by the chemical flood,
stock-tank barrels
A, = area of the pattern

p
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h = net thickness of pay

porosity, the fraction of the rock volume

which is pore space

E..= fraction of the reservoir volume which
was contacted by water and surfac-
tant/polymer process determined by
material balance calculations

B, = ratio of the volume of oil at reservoir
temperature and pressure to the volume
of the oil recovered at stock-tank condi-
tions (60° F, atmospheric pressure)

©
I}

Residual oil saturations left by the chemical
flood (S,ranging from 0.05 to 0.15 have been
reported in laboratory”* and field tests.” A
value of 0.08 was selected for the OTA computa-
tions.

The residual oil saturation following
waterflood (S, for the high-process perform-
ance case was the oil saturation corresponding to
the particular geographic region in table A-1
modified by the material balance calculation as
described in appendix A, in the section on Dis-
tribution of (the Remaining Oil Resource on page
139. In the low-process performance model, the
residual oil saturations following waterflood
(Sorw) Were reduced by 5 saturation percent from
the values in table A-1. This caused a decrease in
recoverable oil which averaged 28.6 percent for
all surfactant/polymer reservoirs. Due to the
method of analysis, the process performance of a
small number of reservoirs was not affected by
this saturation change. Some reservoirs which
had 90-percent volumetric sweep imposed by
the material balance discussed on page 139 for
the high-process performance case also had 90-
percent volumetric sweep efficiency under low-
process performance.

Pattern Area and Injection Rate.—Each reser-
voir was developed by subdividing the reservoir
area into five-spot patterns with equal areas. The
size of a pattern was determined using the pro-
cedure developed in the NPC study.”A pattern
life of 7 years was selected. Then, the pattern
area and injection rates were chosen so that 1.S
swept-pore volumes of fluids could be injected
into the pattern over the period of 7 years. The
relationship between pattern area and the injec-

tion rate is defined by equation 2B.
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where
i = injection rate, barrels per day
@ = porosity
h = thickness, feet
Ap = pattern area, acres

Maximum pattern area was limited to 40 acres.

Injection rates were constrained by two condi-
tions. In Texas, California, and Louisiana, it was
assumed that maximum rates were limited by
well-bore hydraulics to 1,000 barrels per day,
1,500 barrels per day, and 2,000 barrels per day,
respectively. Rate constraints in the reservoir
were also computed from the steady-state equa-
tion for single-phase flow in a five-spot pattern
given in equation 3B. The viscosity of the surfac-
tant/polymer slug was assumed to be 20 times
the viscosity of water at formation temperature.
The lowest injection rate was selected. other
parameters are identified after the definition of
the equation.

3541 X 10-3kh AP

P = ue”{‘m(Td_)— 0.619}

3B

where

i = injection rate, barrels per day

average permeability, millidarcies

h = average thickness, feet

AP = pressure drop from injection to produc-
ing well, taken to equal depth/2

ueff - effective viscosity of surfactant/polymer
slug, or 20 times viscosity of water at
reservoir temperature

In = natural logarithm

d = distance between the injection and pro-
duction well, feet, or 147.58 /A p

A, = pattern area, acres

radius of the well bore

el
B
I}

Development of Pattern.-Development of
each five-spot pattern took place according to
the schedule shown in table B-3. Driling and

completion of wells and installation of surface
facilities were done in the first 2 years. The sur-
factant slug was injected during the third year
with the polymer injected as a tapered slug from
years 4 through 6. The oil displaced by the sur-
factant/polymer process as computed from equa-
tion IB was produced in years 5 through 9
according to the schedule in table B-3.

Table B-3
Development of a Five-Spot Pattern
Surfactant/Polymer Process

Year of Annual oil production
pattern % of
development Activity incremental recovery
1 Drill and complete o]

injection wells. Re-
work production

well.
2 Install surface 0
equipment.
3 Inject surfactant 0
slug.
4 Inject polymer slug 0
5 with average con- 10
6 centration of 600 26
ppm. Polymer con-
centration
tapered.
7 32
8 Injection of brine. 20
9 12
Total . ...... 100

Volumes of Injected Materials.—
Current technology

Surfactant Slug, . .
Polymer Bank. . . .

0.1 swept pore volume*
1.0 swept pore volume

Advancing technology case

Surfactant Slug. . .
Polymer Bank, . . .

0.1 swept pore volume
0.5 swept pore volume

® The swept pore volume of a pattern is defined by equa-
tion 4B.
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P

E~Aho (7,758) 4B

= volume of pattern swept by
the surfactant/polymer proc-
ess, barrels

The volumes of surfactant and polymer approxi-
mate quantities which are being used in field
tests. Volume of the surfactant slug needed to
sweep the pattern is affected by adsorption of
surfactant on the reservoir rock. The slug of 0.1
swept-pore volume contains about 36 percent
more sulfonate than needed to compensate for
loss of surfactant that would occur in a reservoir
rock with porosity of 25 percent and a surfactant
retention of 0.4 mg per gm rock. The OTA data
base contained insufficient information to con-
sider differences in adsorption in individual reser-
voirs. The effect of higher retention (and thus
higher chemical costs) than assumed in the ad-
vanced technology cases is examined in the high-
chemical cost sensitivity runs.

Composition and Costs of Injected Materials

The surfactant slug for all cases except the cur-
rent technology case contained 5-wt percent
petroleum sulfonate (100-percent active), 1-wt
percent alcohol, and 10-volume percent lease
crude oil. In the current technology case, the sur-
factant slug contained 20 percent lease crude oil.
The concentration of the polymer solution was
600 ppm for reservoir oils with viscosities less
than or equal to 10 centipoise. Concentration of
polymer was increased with viscosity for oils
above 10 centipoise according to the multiplier
given in equation 5B.

32- API)
10

Concentration Multiplier =(1 +

Equation 5B is valid for API gravities greater than
10. A polysaccharide polymer was used.

Table B-4 summarizes surfactant slug and
polymer costs as a function of oil price. Costs of
surfactant and alcohol based on data from the
NPC study are presented in table B-5.

Net Oil, -Projected oil recovery from the sur-
factant/polymer process was reported as net bar-
rels. The oil used in the surfactant slug and an
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estimate of the oil equivalent to the surfactant
was deducted from the gross oil to determine net
production.

Table B-4
Chemical Coats
Surfactant Surfactant
slug cost - slug cost -
10-percent 20-percent |‘Polymer cost*
Qil price lease crude | lease crude |polysaccharide
$/bbl $/bbl $/bbl $/1b
10........ 7.69 8.69 2.30
15........ 9.73 11.23 2.40
20 ... ... 11.74 13.74 2.49
25. ... ... 13.78 16.28 2.58

e Source: Enhanced OilRecovery, National Petroleum Council,

December 1976, p. 100.

Table B-5
Component Costs*

Surfactant cost

QOil price 100-percent active Alcohol cost

$/bbl $/1b $/1b
5........ 0.29 0.13
10 ... , 0.35 0.16
15........ 0.43 0.20
20 ....... 0.51 0.23
25........ 0.59 0.27

*Including tax and transportation.

Source: Enhanced 011 Recovery,
December 1976, p. 99.

National Petroleum council,

Sensitivity Analyses

Additional computations were made using the
low- and high-process performance models to
determine sensitivity to changes in chemical
costs. Cost sensitivity analysis was accomplished
by altering the volumes of surfactant and
polymer used in the displacement process. The
low-chemical cost case assumes a 40 percent
reduction in the volume of the surfactant slug
while the high-chemical cost case assumes that
40 percent more surfactant and 50 percent more
polymer would be required than used in the
base-chemical cost case.
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Ultimate recoveries of oil using the surfac-
tant/polymer process with high- and low-chemi-
cal cost assumptions are summarized in table B-6
for the advancing technology cases. With high
chemical costs, there would be a negligible
volume of oil produced at world oil price. The
combination of both high-process performance
and oil prices approaching the alternate fuels
price would be needed to offset high chemical
costs if the surfactant/polymer process is to con-
tribute substantial volumes of oil to the Nation’s
reserves.

Low chemical costs have the largest impact on
the low-process performance case where sub-
stantial increases in ultimate recovery could oc-
cur at both upper tier and world oil price. The
effect of lower chemical costs on the high-proc-
ess performance case is to reduce the oil price re-
quired to call forth a fairly constant level of pro-
duction. For example, if chemical costs are low,
the ultimate recovery projected at alternate fuels
price is about the same as ultimate recovery at
upper tier price. However, low chemical costs
have a low probability of occurring unless a ma-
jor technological breakthrough occurs.

The sensitivity analyses in this study were
designed to bracket the extremes which might be
expected assuming technology develops as
postulated in the advancing technology cases.
There are other process and economic variables

which would be considered in the analysis of an
individual field project which could not be
analyzed in a study of this magnitude.

Polymer Flooding
State of the Art—Technological Assessment

The concept of mobility control and its rela-
tionship to the sweep efficiency of a waterflood
evolved in the early to mid-1950’s.*¥ It was
found that the sweep efficiency could be im-
proved if the viscosity of the injected water
could be increased. Thickening agents were ac-
tively sought. Numerous chemicals were evalu-
ated but none which had economic potential
were found until the early 1960’s.

During this period, development in the field
of polymer chemistry provided new molecules
which had unique properties. High-molecular
weight polymers were developed which in-
creased the apparent viscosity of water by factors
of 10 to 100 when as little as 0.1 percent (by
weight) was dissolved in the water. The first
polymers investigated were partially hydrolyzed
polyacrylamides with average molecular weight
ranging from 3 million to 10 million.

The discovery of a potential low-cost method
to “slow down” the flow of water and improve
sweep efficiency of the waterflood led to many
field tests in the 1960’s. Nearly all field tests used

Tabie B-6
Surfactant/Polymer Process-Uitimate Recovery
Summary of Computed Results-Process and Economic Variations
(billions of barrels)

Advancing technology cases
Qil price $/bbl
Case Low-process performance High-process performance
11.62 13.75 22.00 11.62 13.75 22.00
High chemical costs . . . ... ... 0.1 0.1 1.0 0.2 0.2 9,0
Base chemical costs . . .. ... .. 1.0 2.3 7.1 7.2 10.0 12.2
Low chemical costs . . .. ... .. 5,8 7.5 8.8 12.0 12.4 14.5




partially hydrolyzed polyacrylamides. By 1970 at
least 61 field tests had been initiated”*and by
1975 the number of polymer field tests exceeded
100. Although most field tests were relatively
small, two were substantial. These were the Pem-
bina test in the Pembina Field in Alberta and the
Wilmington test in the Ranger V interval of the
Wilmington Field in California.

Results of field tests have been mixed. Suc-
cessful use of polymers has been reported in
several projects 3536 where incremental oil
above that expected from waterflooding has
been produced. At least 2 milion barrels of oil
have been attributed to polymer flooding from
successful projects. ¥ Continuation of some proj-
ects and expansion of others indicate commercial
operation is possible. However, polymer flooding
has not been widely adopted. Many field tests
yielded marginal volumes of oil. Response to
polymer flooding was not significant in either the
Pembina Flood or the Wimington Flood.

Reasons for mixed field performance are not
completely understood. polymer floods initiated
early in the life of a waterflood are more likely to
be successful than those initiated toward the end
of a project. Reservoirs which have been
waterflooded to their economic limit have not
responded to polymer flooding as a tertiary proc-
ess. Recent research *has demonstrated that par-
tially hydrolyzed polyacrylamides degrade when
sheared under conditions which may be present
in injection well bores. Thus, it is not certain in
previous field tests that a reservoir flooded with
polymer solution was contacted with the same
fluid used in laboratory tests.

Further research and development produced a
polysaccharide biopolymer*which has im-
proved properties. Polysaccharides are relatively
insensitive to mechanical shear and have high
tolerance to salt, calcium, and magnesium ions.
Solutions containing polysaccharides must be
filtered prior to injection to remove bacterial
debris which may plug the injection wells. Since
the polysaccharide is a product of a biological
process, it is susceptible to further biological at-
tack in the reservoir unless adequate biocide is
included in the injected solution. Few field tests
have been conducted using polysaccharide
polymers.
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polymer flooding has economic potential
because it uses materials which are relatively low
cost. Field application is similar to waterflooding
with minor changes to permit mixing and proper
handling of the polymer solutions. Widespread
use by most operators would be possible without
extensive technical support. Performance of
polymer floods cannot be predicted accurately,
and well-documented demonstration projects
such as those being conducted in the N. Burbank
Stanley Stringer®and the Coalinga®fields are es-
sential to the widespread use of polymer flood-
ing.

Screening Criteria. --Polymer flooding is not a
potential process for all reservoirs which can be
waterflooded. Geologic constraints, properties of
the reservoir rock and oil, and stage of the
waterflood are all critical parameters. Reservoirs
which produce primarily through large fracture
systems and reservoirs with large gas caps which
could not be waterflooded were excluded. In
these reservoirs, the polymer slug is likely to
bypass much of the reservoir rock. A permeability
constraint of 20 milidarcies was selected. While
the lower limit of permeability is not known pre-
cisely, there is a range of permeabilities where
the polymer molecules are filtered out of the in-
jected solution and cannot be propagated
through a reservoir. Selection of the correct
molecular weight distribution of the polymer
reduces the minimum permeability.

Field experience indicates that polymer floods
have not been successful when applied after the
waterflood has been completed. Reservoirs under
waterflood which have volumetric sweep effi-
ciency greater than 80 percent and low residual
oil saturations are not good polymer candidates.
Consequently, reservoirs with no ongoing
waterflood and reservoirs with high volumetric
sweep efficiency and low oil saturation were
screened from the polymer flooding candidates.

Water quality was not used to screen reser-
voirs because salinity and divalent ion content do
not determine whether a reservoir can be flooded
with polymer solutions. These parameters do in-
dicate the type of polymer which may be used.
For example, partially hydrolyzed poly-
acrylamides are frequently preferred in low-
salinity systems. Polysaccharides are relatively in-
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sensitive to salinity and may be required in order
to flood successfully a reservoir which contains
high-salinity fluids.

The use of polymers is limited by temperature
stability. Proven temperature stability is about
200° F. This limit is expected to be 250° F by
1995. The same temperature limits used in the
surfactant/polymer process screen apply to
polymer flooding.

Crude oil viscosity was the final screening
parameter. Field tests suggest an upper limit of
about 200 centipoise. However, there is little
published literature which shows that polymer
solutions will not displace oil at higher
viscosities. Other factors enter in the determina-
tion of the upper viscosity limit. Steam displace-
ment and in situ combustion are considered
superior processes because both can potentially
recover more oil. As crude oil viscosity increases,
higher polymer concentrations are required to
maintain mobility control. Oil-displacement rates
decline for a fixed pattern size. Both of these fac-
tors operate in the direction of reducing the rate
of return at fixed oil price or requiring a higher oil
price to produce a fixed rate of return. Then the
crude oil viscosity becomes an economic factor
rather than a technical factor.

Most reservoirs which were polymer candi-
dates yielded more oil when developed as CO,,
surfactant/polymer, steam, or in situ combustion
candidates. Thus, the OTA method of process
selection, i.e., maximum oil if profitable at 10
percent rate of return and world oil price, led to
assignment of the poorest reservoirs to polymer
flooding.

Oil Recovery Projections

Estimates of oil recovery from the application
of polymer-augmented waterflooding to reser-
voirs which satisfied the technical screen were
made using an empirical model. Incremental
recovery for the low-process performance case
was assumed to be 2.5 percent of the original oil
in place. The incremental recovery for the high-
process performance case was assumed to be 3
percent of the original oil in place. These esti-
mates closely approximate recent projections for
the N. Burbank Stanley Stringer and Coalinga field

demonstration tests. They also approximate the
average performance of published field tests.”

Each reservoir was developed on 40-acre spac-
ing with a ratio of 0.5 injection well per produc-
tion well. Injection of polymer was continued
over the first 4 years of the project at a rate of
0.05 pore volumes per year. Average polymer
concentration was 250 ppm. The polymer used
was polysaccharide. Costs of polymer at various
oil prices were identical to those used for the sur-
factant/polymer process (table B-4).

The recoverable oil was produced over an 11-
year period according to the schedule in table
B-7.

Table B-7
Production Schedule
for Polymer-Augmented Waterflood

Incremental oil

Year percent of total
120 o]
3 5
A 10
5 20
6. 20
7 15
8. 10
O 10
10 5
T 5
Total. ......... e 100

Sensitivity Analyses

The effects of changes in polymer costs and/or
volumes were examined for low- and high-
polymer costs for both low- and high-process
performance cases. Bases for cost variation were
+/- 25 percent change in polymer cost. Results of
the economic evaluations are presented in table
B-8.

There is essentially no effect of chemical costs
on oil production from polymer flooding at the
upper tier, world oil, and alternate fuels prices.
The sensitivity analyses show that uncertainty in
process performance is larger than uncertainties
introduced by chemical costs.
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Table B-8
Polymer-Augmented Waterflooding
Ultimate Recovery
(billions of barrels)

Advancing technology cases
oil price $/bbl

Case Low-process performance High-process performance

11.62 13.75 22.00 11.62 13.75 22.00
High polymer cost
(+25°/0 overbase) . . ........... 0.2 0.2 0.3 0.4 0.4 0.4
Base polymer cost. . .. ......... 0.2 0.3 0.3 0.4 0.4 0.4
Low chemical cost
(-25°/0 from base). . . . ......... 0.3 0.3 0.3 0.4 0.4 0.4

Effect of Polymer Flooding on Subsequent
Application of Surfactant/Polymer or Carbon
Dioxide Miscible Processes

The OTA analysis assumes a single process
would be applied to a reservoir. The possibility
of sequential application of two processes was
not analyzed. Some reservoirs assigned to the
surfactant/polymer process or the CO,miscible
process would also be economic (rate of return
greater than 10 percent at world oil price) as
polymer floods. However, the decision rules for
process assignment placed these reservoirs in the
process which yielded the largest ultimate recov-

ery.

One concern caused by this assignment pro-
cedure was whether or not the low costs and low fi-
nancial risk from the polymer projections would
cause operators to use polymerflooding as the final
recovery process for a reservoir, precluding use of
methods which potentially recover more oil.

The principal displacement mechanism in
polymer flooding is an increase in the volume of
the reservoir which is swept by the injected fluid.
No reduction in residual oil saturation over that
expected from waterflooding is anticipated
because the viscosities of the oils in these reser-
voirs are low enough to make the residual oil
saturations relatively insensitive to the viscosity
of the displacing fluid.

A successful polymer flood in the OTA high-
process performance would recover 3 percent of
the original oil in place. This corresponds roughly
to improved volumetric sweep efficiencies of 2
to 7 percent. Both OTA models for surfac-
tant/polymer and CO,miscible processes are
based on recovery of the residual oil from some
percentage of the volume displaced by the pre-
ceding waterflood. Polymer flooding increases
this contacted volume. Slightly more oil would
be recovered from reservoirs which had been
polymer flooded prior to surfactant flooding or
C0,flooding if the OTA models of these dis-
placement processes are substantially correct.
Therefore, the application of polymer flooding
will not prevent subsequent surfactant/polymer
or CO,floods under the conditions postulated in
the OTA study.

Finally, polymer flooding prior to surfac-
tant/polymer flooding has been proposed as a
method to improve volumetric sweep efficiency
by increasing the flow resistance in more permea-
ble paths in the reservoir.”

Steam Displacement
State of the Art—Technological Assessment

Steam displacement is a process which has pri-
marily evolved in the last 10 to 15 years.



158 . Appendix B

Development of the process was motivated by
poor recovery efficiency of waterfloods in reser-
voirs containing viscous oil and by low producing
rates in fields which were producing by primary
energy sources. Most of the development oc-
curred in California and Venezuela, where large
volumes of heavy oil are located. Steam displace-
ment has potential application in heavy oil reser-
voirs in other oil-producing States.

Large-scale field tests of steam injection began
in the late 1950's “*“ with field testing of hot
water injection underway at the same time***
in an attempt to improve the recovery efficiency
of the conventional waterflood. Early steam and
hot water injection tests were not successful. in-
jected fluids quickly broke through into the pro-
ducing wells, resulting in low producing rates and
circulation of large volumes of heated fluids.

The process of cyclic steam injection was dis-
covered accidentally in Venezuela in 19s9 and
was developed in California. “Cyclic injection of
small volumes of steam into producing wells
resulted in dramatic increases in oil production,
particularly in California where incremental oil
due to cyclic steam injection was about 130,000
barrels per day in 1968.50 By 1971 about 53 per-
cent of all wells in California had been steamed
at least once.

Cyclic steam injection demonstrated that sig-
nificant increases in production rate could be ob-
tained by heating the reservoirs in the vicinity of
a producing well. However, the process is pri-
marily a stimulation process because natural
reservoir energy sources like solution-gas drive or
gravity drainage cause the oil to move from the
reservoir to the producing well, Depletion of this
natural reservoir energy with repeated applica-
tion of cyclic steam injection will diminish the
number of cyclic steam projects. Many of these
projects will be converted to steam displace-
ment.

The success of the steam displacement proc-
ess is due to the high displacement efficiency of
steam and the evolution of methods to heat a
reservoir using steam. Development of the steam
displacement process in the United States can be
traced to large-scale projects which began in the
Yorba Linda Field in 19605 and the Kern River
Field in 1964.52 Estimates of ultimate recoveries

(primary, secondary, cyclic steam, and steam dis-
placement) from 30 to 55 percent of the original
oil in place have been reported for several fields.

A comparison®of trends in incremental oil
production from cyclic steam and steam injection
for California is shown in figure B-1. Cyclic steam
injection is expected to decline in importance as
natural reservoir energy is depleted. Production
from steam displacement could increase as cyclic
projects are converted to continuous steam injec-
tion. The rate of conversion wil be controlled by
environmental constraints imposed on exhaust
emissions from steam generators. Incremental oil
from steam displacement will be limited to
110,000 barrels per day in California, the level
which currently exists, unless technological ad-
vances occur to reduce emissions.

Commercial steam-displacement projects are
also in operation in Wyoming,* Arkansas,*and
Texas.” A large portion of the incremental oil
now produced by application of EOR processes is
produced by the steam displacement process.

Screen/rig Criteria.—Steam displacement was
considered applicable in reservoirs which were
located at depths between 500 and 5,000 feet.
The upper depth limitation was imposed in order
to maintain sufficient steam injection pressure.
The lower depth of 5000 feet is determined by
well-bore heat losses in the injection wells. At
depths approaching 5,000 feet, heat losses can
become excessive even with insulated injection
strings. In addition, as depth increases the injec-
tion pressure increases, but the fraction of the in-
jected fluid which is condensable decreases.
Reduction in displacement efficiencies is ex-
pected to occur under these conditions.

The second screening criterion was
transmissibility. The transmissibility (per-
meability x thickness/oil viscosity) is a measure
of the rate that the oil moves through a reservoir
rock. A transmissibility of about 100 millidarcy
feet/centipoise is required for steam and hot-
water injection processes in order to keep heat
losses from the reservoir to overlying and un-
derlying formations from becoming excessive. ST

Oil Recovery Projections

Recovery Models.—Although steam displace-
ment is the most advanced EOR process, it was
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Figure B-1. Historical Incremental Production Thermal Recovery-California

0

1968 1970

difficult to develop recovery models which ap-
plied to an entire reservoir. The OTA data base as
well as the Lewin data bases used in the NPC and
ERDA reports contained little information on
reservoir variability. Review of the technical
literature and personal contacts with companies
operating in fields with major steam displace-
ment projects revealed considerable variability in
thickness and oil saturation. It became apparent
that most steam displacement projects were
being conducted in the best zones of a reservorr,
where oil saturations were higher than the
average values in the data base. Thus, OTA con-
cluded that empirical recovery models based on
the results of these displacement tests could not
be extrapolated to poorer sections of larger reser-
voirs with the available information. Subdivision
of several large reservoirs into smaller segments
of different properties as done in the NPC study
was considered, but could not be done with the
available computer program.

Recovery models were developed by OTA to
estimate the recovery based on development of
the entire reservoir. In taking this approach, it is

1972 1974 1976
Acknowledged that recovery from the better sec-

tions of a reservoir will be understated and the
recovery from poorer sections will be overstated.
However, this approach was preferable to over-
statement of recovery caused by applying empiri-
cal recovery models from the better zones”to
other intervals and areas of a reservoir, or ap-
plication of recovery adjustment factors to ex-
trapolate single-pattern performance to total-
project performance.

Each reservoir with multiple zones was
developed zone by zone. The technology neces-
sary to complete each zone selectively was
assumed to evolve through research and
development. The average thickness per zone
was determined by dividing the net thickness by
the number of zones. Two displacement models
were used based on the thickness of the zone.
Single zone reservoirs were handled in the same
way-according to thickness of the zone.

High-Process Performance Case.—Zone Thick-
ness Less Than or Equal to 75 Feet. -Gross oil
recoverable by primary and secondary produc-
tion followed by steam was considered to be 50
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percent of the original oil in place. Thus in each

zone,
Original Oil _ (Primary +
2 Secondary)

Steam Displacement Oil =

Zone Thickness Greater Than 75 Feet. -Oil
displacement in thick reservoirs is based on the
following model of the displacement process.

Steam displacement patterns were developed
on 2.5-acre spacing with one injection well per
producing well.

Maximum vertical

Areal sweep thickness of Residual oil
Region efficiency swept zone, feet saturation
SteamZone ... .......... ... 0.75 25 0.10
Hot Water Zone . . .. ....................... 0.90 35 0.25

Low-Process Performance Case.—Well spacing
was increased to 5 acres. Gross oil displaced by
steam was 80 percent of the amount estimated
for the high-process performance case.

Timing of Production.—The incremental oil
from the steam-displacement process was pro-
duced according to the production schedule in
table B-9.

Table B-9
Production Schedule for
Steam Displacement Process

Annual
incremental oil

Year percentage total
12, 0 ~~~~£, 0
3 12
4 22
B 22
B e 20
72 14
B 10
Total .. ... 100

The same schedule was used for low- and

high-process performance models.

Steam Requirements and Costs

Steam requirement was 1 pore volume based
on net heated thickness. That is the volume oc-
cupied by the combined steam and hot water
zones considering the areal sweep efficiency to
be 100 percent. Zones with thicknesses less than
or equal to 75 feet were assumed to be heated in
the entire vertical cross section. Steam was in-

jected over a 5-year period beginning in the third
year of field development at the rate of 0.2 pore
volume per year.

Lease crude was used as fuel for the steam
generators. Twelve barrels of steam were pro-
duced per barrel of lease crude consumed. The
full cost of the lease crude was charged as an
operating cost to the project. Oil consumed as
fuel was deducted from the gross production to
obtain the net production. Cost of steam genera-
tion in addition to the fuel charge was $0.08 per
barrel of steam generated to cover incremental
operating and maintenance costs for the genera-
tor and water treatment.

Other Costs.—The costs of installed steam
generation equipment were scaled from a 50
million Btu per hour steam generator costing
$300,000.” A 1 million Btu per hour unit was
assumed to generate 20,000 barrels of steam
(water equivalent) per year. The number (possi-
bly fractional) of generators required per pattern
was determined from the pore volume of the pat-
tern. Since the steam generator life was longer
than pattern life, it was possible to use the same
generator on two patterns in the field. The cost of
moving a generator was assumed to be 30 per-
cent of the initial cost. Thus the effective cost for
the steam generator per pattern was 65 percent
of the initial generator cost.

Reservoirs with multiple zones required
workovers in production and, injection wells to
close the zone just steamed and open the next
zone. These costs are discussed in the section on
Economic Data—General on page 178 of this ap-
pendix.
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Table B-10
Recovery Uncertainties Effecting Steam Displacement Results

Recovery Model®

Zone thickness Zone thickness
<75 ft. > 75,

Gross recovery

(primary, secondary
and steam
displacement) as Maximum Maximum
Production well fraction of original steam zone hot water zone

Case spacing, acres oil in place thickness thickness
LOw recovery . . ... ... ..... 2.5 0.45 25 30
High-process performance ... 25 0.50 25 35
High recovery. . . ............. 2.5 0.55 30 35

A || other model parameters were the same as in the high-process Performance €ase

Sensitivity Analyses

Projections of oil recovery by steam displace-
ment contain uncertainties which are primarily
related to the recovery efficiency of the process.
Additional analyses were made to determine the
range of variation in oil recovery due to uncer-
tainties in process performance (table B-10).

One set of projections was based on variations
of recovery for a well spacing of 2.5 acres per
production well. Projections for low recovery (45
percent) and high recovery (55 percent) are com-
pared with the high-process performance case
(50 percent recovery) in table B-11. Results from
the low recovery case are essentially the same as
the low-process performance case. The pro-
jections from the high recovery case are apprecia-
bly higher than the high-process performance
case.

Table B-n
Effect of Uncertainties in Overall
Recovery on Ultimate Production

Steam Displacement Process
(billions of barrels)

Upper World Alternate
tier oil fuels
Case price price price

($1 162/ | ($13.75/ | ($22.00/
bbl) bbl) bbl)
Low recovery . ... ... 21 25 34

High-process

performance 2.8 3.3 6.0
High recovery. . ... .. 3.9 5.9 8.8

Clb-sn4(3-7H-12

These extremes in recovery performance are
also measures of energy efficiency. Crude olil is
burned to produce steam. The amount of crude
consumed is proportional to the volume of steam
required to heat the reservoir. Nearly the same
volume of steam and consequently the same
amount of lease crude is consumed for each of
the three cases. Slight variations occur for zones
with thicknesses greater than 75 feet, Most of the
additional oil projected in the high recovery case
is produced with little additional lease crude re-
quired for steam generation. In contrast, a larger
fraction of the produced oil is consumed in the
low recovery case because about the same
amount of crude is consumed to produce steam
while a smaller amount of oil is produced by the
displacement process.

Pattern size is the second variable which was
investigated in sensitivity calculations. Oil recov-
ery was estimated for two additional well spac-
ings using the high-process performance model.
Results are summarized in table B-12. If recovery
is unaffected by well spacing, there is an
economic incentive to increase well spacing over
the 2.5-acre spacing used in the OTA study.
Results are sensitive to spacing primarily because
the costs to work over both injection and pro-
duction wells in order to move from zone to zone
are significant.

Increasing well spacing reduces these costs in
producing wells by a margin which permits
several large reservoirs to meet the 10-percent
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Table B-12

Effect of Well Spacing on Ultimate Recovery of

Oil Using the Steam Displacement Process

Incremental 011
(billions of barrels)
Production Upper tier World oil Alternate fuels
well spacing price price price
Case acres ($11.62/bbl) ($1 3.75/bbl) ($22.00/bbl)
High-process performance . . ... ....... 2.5 2.8 3.3 6.0
High-process performance ., . . . . . . . 3.3 3.5 5.3 6.8
High-process performance 5.0 5.6 6.4 7.0

rate-of-return criteria at lower prices. This is a po-

successful. Economic information was not availa-

tential area for technological advances beyond
those which were assumed in this study.

In Situ Combustion

State of the Art—Technological Assessment

In situ combustion has been investigated in
the united States since 1948. By the
mid-1950’s, two pilot tests had been conducted.
One test was done in a reservoir containing a
light oil (35° API) with a low viscosity (6 cp).”
The second reservoir tested contained 18.4° API
oil which had a viscosity of 5,000 cp.”These ini-
tial pilot tests demonstrated that a combustion
front could be initiated and propagated in oil
reservoirs over a wide range of crude oil proper-
ties.

The initial demonstrations of the technical
feasibility of in situ combustion stimulated
research and development of the process both in
the laboratory and in the field. Over 100 field
tests of in situ combustion have been conducted
in the United States.*

Field testing developed considerable tech-
nology. Methods were developed to initiate
combustion, control production from hot wells,
and treat the emulsions produced in the process.
Improved process efficiency evolved with
research and field testing of methods to inject air
and water simultaneously.”” The wet combus-
tion process was found to have the potential of
reducing the air requirements by as much as 30 to
so percent over dry combustion.

Many field tests have been conducted but few
have resulted in projects which are commercially

ble on current in situ combustion projects. Con-
tinued operation over a several-year period with
fieldwide expansion implies satisfactory
economics. California fields include the Moco
Unit in the Midway Sunset.” West Newport,*
San Ardo, South Belridge, Lost Hills, and Brea-
Olinda.”Successful operations have also been
reported in the Glen Hummel, Gloriana, and Trix
Liz Fields in Texas,”and the Bellevue Field in
Louisiana. "The number of commercial opera-
tions in the United States is estimated to be 10.”

In situ combustion has not been applied
widely because of marginal economics at existing
oil prices, poor volumetric sweep efficiency in
some reservoirs, and competition with steam dis-
placement processes. Some field tests showed a
net operating gain but could not generate
enough income to return the large investment re-
quired for an air compressor. The phrase “a tech-
nical success but an economic failure” best
describes many projects.

The movement of the in situ combustion zone
through a reservoir is controlled in part by varia-
tions in reservoir properties. Directional move-
ment has been observed in most in situ combus-
tion projects. There has been limited success in
controling the volume of the reservoir which is
swept by the process. This is a major area for
research and development.

Reservoirs which are candidates for steam dis-
placement are also candidates for in situ combus-
tion. Experience indicates that steam displace-
ment is generally a superior process from the
viewpoint of oil recovery, simplicity of opera-
tion, and economics. Thus, applications of in situ



combustion have been limited by the develop-
ment of the steam displacement process.

In situ combustion has one unique charac-
teristic. It is the only process which may be ap-
plicable over a wide range of crude gravities and
viscosities.

Screening Criteria.--In situ combustion is ap-
plicable to a wide range of oil gravities and
viscosities. No constraints were placed on oil
viscosity. The maximum permissible APl gravity
is determined by the capability of a particular
reservoir rock/crude oil combination to deposit
enough coke to sustain combustion. Low-gravity
oils which are composed of relatively large frac-
tions of asphaltic-type components meet this re-
quirement. It is also known that some minerals
catalyze in situ combustion, allowing high gravity
oils to become candidates for in situ combus-
tion.”The maximum oil gravity which might be a
candidate with catalytic effects was estimated to
be 45° API.

Minimum reservoir depth was set at 500 feet.”
Adequate reservoir transmissibility, i.e.,

Permeabilitv x thickness
oil viscosity

is necessary to prevent excessive heat losses to
overlying and underlying formations. The
minimum acceptable transmissibility for in situ
combustion is about 20 millidarcy
feet/centipoise.” Carbonate reservoirs were not
considered to be candidates for in situ combus-
tion.

Oil Recovery Projections

The wet combustion process was used for the
OTA study. All projects were developed as 20-
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acre patterns. In the wet combustion process,
three distinct displacement zones are formed: a
burned zone, a steam zone, and a hot water
zone. Gross oil recovered from each pattern was
computed from the sum of the volumes dis-
placed from each zone. Areal sweep efficiency,
maximum zone thickness, and residual oil satura-
tion for each zone are included in table B-13 for
the advancing technology cases.

Fuel consumption was 200 barrels per acre
foot.”The equivalent oil saturation consumed in
the burned zone is S,, where S, = 200/7,758 X

0); @ is the porosity of the rock, and 7,758 is bar-
rels per acre foot.

The initial oil saturation was S,,,, the material
balance average oil saturation computed from
equation 1. The volume of oil displaced was
determined in the following manner. The actual
thickness of each zone was determined by
allocating the net pay between the three zones in
the order shown in table B-13. A reservoir 20 feet
thick would have a burned zone and a steam
zone while a reservoir 100 feet thick would ex-
perience the effects of three zones in a 50-foot
interval. The volume of oil displaced from each
zone was computed from the product of the pat-
tern area, areal sweep efficiency, zone thickness,
porosity, and displaceable oil in the swept inter-
val. All oil displaced from the swept zones was
considered captured by the producing well.

Timing of Production.—The life of each pat-
tern was 8 years. Driling, completion, and other
development was completed in the first 2 years.
Air and water injection began in year 3 and con-
tinued through year 8 for a total productive life of
6 years. The displaced oil was produced accord-
ing to the schedule in table B-14.

Table B-13
Advancing Technology Cases
Oil Displacement Model
Wet Combustion

Residual
oil saturation
Areal sweep Max. vertical Low-process High-process
Region efficiency thickness, ft. performance performance
Burned zone . 0.55 10 0 0
Steam zone. ., 0.60 10 0,20 0.15
Hot water zone 080 30 0.30 0.25
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Table B-14
Production Schedule
Wet Combustion

Annual production of
incremental oil

Year Percentage of total
1-2, 0
3 10
Ao 16
5........ P , 22
B e 20
7 18
[ A 14
Total . . .............. 100

Operating Costs

Air required was computed on the basis of
110-acre feet burned per 20-acre pattern (if the
reservoir is at least 10 feet thick) and a fuel con-
sumption of 200 barrels per acre foot. If the
air/oil ratio was less than 7,500 standard cubic
feet (Scf) per stock-tank barrel (STB), air require-
ments were increased to yield 7,500. Air re-
quirements were then used to size compressors
and to determine the equivalent amount of oil
which would be consumed as compressor fuel.

The amount of oil used to fuel the com-
pressors was computed as a Btu equivalent based
on 10,000 Btu per horsepower hour. Energy con-
tent of the oil was 6,3 milion Btu per barrel. This
oil was deducted from the gross production.

The corresponding equations for the price of
air as the price per thousand standard cubic feet
($/Mscf) were derived from data used in the NPC
study.”

Depth Cost Equation
feet $/MScf
O - 2,500 0.08 + 0.01108 P
2,500- 5,000 0.08 + 0.01299 P
5,000-10,000 0.08 + 0.01863 P
10,000-15,000 0.08 + 0.02051 P
where
P = oil price in $/bbl and the multiplier of P is

the barrels of oil consumed to compress 1
MScf of air to the pressure needed to in-
ject into a reservoir at the specified
depth.

Compressed air was supplied by a six-stage
bank of compressors with 1 horsepower provid-
ing 2.0 MScf per day.” Compressor costs were
computed on the basis of $40()/installed horse-
power.

Sensitivity Analyses

The effect of uncertainties in operating costs
was examined using the high-process perform-
ance model. A low-cost case was analyzed by
reducing the compressor maintenance cost from
$0.08/MScf to $0.07/MScf. A high-cost case in-
creased the compressor maintenance to
$0.10/MScf. Results of these cases are compared
in table B-1 5. Cost reduction had little effect on
the projected results while the 25-percent in-
crease in maintenance cost reduced the ultimate
recovery by 19 percent at upper tier price and 8
percent at world oil price for the high-process
performance case,

A case was also simulated in which the dis-
placement efficiency in the steam and hot water
zones was increased by changing the residual oil
saturation in the steam zone to 0.10 and in the
hot water zone to 0.20, Results of this case are in-
dicated as high-displacement efficiency in table
B-1 s. The effect of assumed improvement in dis-
placement efficiency resulted in a 17- to 20-per-
cent increase in ultimate recovery but little
change in price elasticity.

Table B-15
Effect of Changes in Compressor Operating Costs
and Displacement Efficiency in Ultimate Oil
Recovery Using the In Situ Combustion Process

Incremental oil
(billions of barrels)

Case Upper World Alternate
tier oil fuels
price price price

($1 1.62/ ($1 3.75/ ($22.00/

bbl) bbl) bbl)
Highcost. . .......... 1.4 1.7 1.9
High-process
performance . .. ... .. 1.7 1.9 1.9
lowcost............ 1.7 1.9 1.9
High-displacement
efficiency . . . . .. .. 2.1 2.2 2.3




Carbon Dioxide Miscible

State of the Art—Technological Assessment

It has been known for many years that oil can
be displaced from a reservoir by injection of a
solvent that is miscible with the oil. Because such
solvents are generally expensive, it is necessary
to use a “slug” of the solvent to displace the oil
and then to drive the slug through the reservoir
with a cheaper fluid, This process was shown to
be feasible at least 20 years ago.”An overview
of the various kinds of miscible displacements is
given by Clark, et al.*

Hydrocarbon miscible processes have been
developed and studied fairly extensively. A num-
ber of field tests have been conducted.”While it
has been established that hydrocarbon miscible
processes are technically feasible, the high cost
of hydrocarbons used in a slug often makes the
economics unattractive. Recently, attention has
focused on carbon dioxide (CO0,) as the
miscibility agent.”

In the OTA study it was assumed that, in
general, economics and solvent availability
would favor the use of CO0,. The CO,process
was therefore used exclusively as the miscible
displacement process in the study.

Carbon dioxide has several properties which
can be used to promote the recovery of crude oil
when it is brought into contact with the oil.
These properties include: 1 ) volubility in oil with
resultant swelling of oil volume; 2) reduction of
oil viscosity; 3) acidic effect on rock; and 4)
ability to vaporize and extract portions of the
crude oil under certain conditions of composi-
tion, pressure, and temperature.

Because of these properties, CO,can be used
in different ways to increase oil recovery, i.e.,
different displacement mechanisms can be ex-
ploited. The three primary mechanisms are solu-
tion gas drive, immiscible displacement, and
dynamic miscible displacement.

Solution-gas-drive recovery results from the
fact that Co,is highly soluble in oil. When CO,
is brought into contact with oil under pressure,
the Co,goes into solution. When the pressure is
lowered, part of the CO,will evolve and serve as
an energy source to drive oil to producing wells.
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The mechanism is similar to the solution-gas-
drive primary recovery mechanism and can be
operative in either immiscible or miscible dis-
placement processes.

Helm and Josendalal®have shown that C0,can
be used to displace oil immiscible. In experi-
ments conducted with liquid CO,below the
critical temperature, residual oil saturations were
significantly lower after flooding with CO,than
after a waterflood. The improved recovery was
attributed primarily to viscosity reduction and oil
swelling with resultant improvement in the rela-
tive permeability. It was noted that the CO,dis-
placement was not as efficient when a
waterflood preceded the CO0,.

Carbon dioxide, at reservoir conditions, is not
directly miscible with crude oil. However,
because CO0,dissolves in the oil phase and also
extracts hydrocarbons from the crude, it is possi-
ble to create a displacing phase composition in
the reservoir that is miscible with the crude oil.

Menzie and Nielson, in an early paper,” pre-
sented data indicating that when CO0,is brought
into contact with crude oil, part of the oil vapor-
izes into the gaseous phase. Under certain condi-
tions of pressure and temperature, the extraction
of the hydrocarbons is significant, especially ex-
traction of the intermediate molecular weight hy-
drocarbons (C,to C,). Helm and Josendahl*also
showed that CO0,injected into an oil-saturated
core extracts intermediate hydrocarbons from the
oil phase and establishes a slug mixture which is
miscible with the original crude oil. Thus, while
direct contact miscibility between crude oil and
CO0,does not occur, a miscible displacement can
be created in situ. The displacement process,
termed dynamic miscibility, results in recoveries
from linear laboratory cores which are compara-
ble to direct contact miscible displacement.

Holm®has pointed out that the CO,miscible
displacement process is similar to a dynamic
miscible displacement using high-pressure dry
gas. However, important differences are that CO,
extracts heavier hydrocarbons from the crude oil
and does not depend upon the existence of light
hydrocarbons, such as propane and butanes, in
the oil. Miscible displacements can thus be
achieved with CO,at much lower pressures than
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with a dry gas. Methods of estimating miscibility
pressure have been presented.”*

The CO,miscible process is being examined in
a number of field pilot tests.”*The largest of
these is the SACROC unit in the Kelly-Snyder
Field.” Different variations of the process are
being tested. In one, a slug of CO,is injected
followed by water injection. In another, CO,and
water are injected alternatively in an attempt to
improve mobility control. *

The preliminary indication from laboratory ex-
periments and these field tests is that the CO,
process has significant potential. However, the
field experience is quite limited to date and some
difficulties have arisen. Early CO,breakthrough
has occurred in some cases and the amount of
CO, required to be circulated through the reser-
voirhas been greater than previously thought .93
Operating problems such as corrosion and scal-
ing can be more severe than with normal
waterflooding. Greater attention must be given
to reservoir flow problems such as the effects of
reservoir heterogeneities and the potential for
gravity override.

in general, the operating efficiency of the proc-
ess or the economics have not been firmly
established. In the OTA study, the reported
laboratory investigations and preliminary field
results were used as the basis for the recovery
models and the economic calculations.

Screening Ciriteria.—Technical screening cri-
teria were set in accordance with the following:

Oil viscosity
<12 Cp

Attainable pressure assumed to be =
.6 x depth -300 psi
Miscibility pressure

< 27° API 4,000 psi
27° - 30” API 3,000 psi
> 30° API 1,200 psi

Temperature correction to miscibility pressure
O psi if T < 120° F.
200 psi if T = 120- 150° F.
350 psi if T = 150- 200° F.
500 psi if T > 200° F.

This leads to depth criteria as follows (not tem-
perature corrected):

< 27° API 7,200 ft
27° - 30° API 5,500 ft
> 30° API 2,500 ft

This was the same correlation as used in the NPC
study.”It is noted that the general validity of this
correlation has not been established. Crude oils
in particular reservoirs may or may not establish
miscibility with CO,at the pressures and tem-
peratures indicated. Other correlations have
been presented in the literature, but they are
based on a knowledge of the crude oil composi-
tion. Data on composition were not available in
the data base used in the OTA study, and a
generalized correlation of the type indicated
above was therefore required.

Oil Recovery Projections

Onshore Reservoirs.—The recovery model
used was as follows:

NB,

Em
R=5 B Som = SomEun\E,)/ B

where

R = recovery by CO,process, stock-
tank barrels

Som = residual oil saturation in zone
swept by CO,. Set at 0.08, No
distinction was made between
sandstone and carbonate reser-
VOoirs.

E . = sweep efficiency of CO,misci-

ble displacement. (E,./E,) was
set at 0.70.

volumetric sweep efficiency of
the waterflood computed from
procedure described in appendix
A.

The sweep efficiency for CO,miscible (E,
was determined by making example calculations
on CO,field tests. Field tests used were the
following:

Slaughter

Wasson

Level land

Kelly-Snyder (SACROC)



Cowden-North
Crosset

All projects except the Wasson test were
reported in the SPE Field Reports.” Data on
Wasson were obtained from a private com-
munication from Lewin and Associates, Inc.
Based upon reported data and reported estimates
of the tertiary recovery for each field test, sweep
efficiency values were calculated. The ratio
E./E, averaged 0.87. Discarding the high and
low, the average was 0.80. It was judged that the
national average recovery would be less,
therefore a value of E,E, of 0.70 was used for
all reservoirs in the oTA calculations.

The high-process performance model assumes
the waterflood residual (S,,for each reservoir is
determined from table A-1 according to
geographic region. This value was used unless
the volumetric sweep efficiency for the
waterflood (E,J fell outside the limits described
in appendix A. The low-process performance was
simulated by reducing the S, ,values in table
A-1 by 5 saturation percent. The same limits on
the calculated values of E, were used in the
low-process performance model. The recovery
model (equation 6B) was unchanged except for
E,..and S.,.

The low-process performance model reduced
the EOR for those reservoirs in which the calcu-
lated E, fell within the prescribed limits. Where
E..was outside the limits, S,,,was recalculated
using the limiting E,, value. Therefore, for these
latter reservoirs the recovery results were the
same in both the high- and low-process perform-
ance models. For CO,miscible, this was the case
for about one-third of the total reservoirs. The
average recovery for all reservoirs was 20 percent
less in the low-process performance case than in
the high-process performance case.

Volurnes of Injected Materials.—The CO,re-
quirement was established as follows:

Sandstone Reservoirs—26 percent of pore volume
Carbonate Reservoirs—22 percent of pore volume

Conversion of CO,from surface conditions to
reservoir conditions was assumed to be:

2 Mcf CO,(std. cond.) per 1.0 reservoir bbl
(A constant value was used.)
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Twenty-five percent of the total CO,require-
ment was assumed to be from recovered, com-
pressed, and reinfected gas. Seventy-five percent
was purchased.

The CO0,injection schedule was as shown in
table B-1 6. The water alternating gas process was
used. The ratios were:

Sandstones 1:2 C O,H,0
Carbonates 1:1 C O2:H20
Table B-16
Carbon Dioxide Injection Schedule
Purchased CO, Recycled CO,
Year percent of total* percent of total*
1-2. .. 0 0 0
3. 20 0
4o 20 0
5 16 4
[ 13 7
T 6 14

@ Total refers to total volume of CO;injected over life ot pattern,

Fluid injection occurred over a 5-year period;
reinfected CO,was used beginning in the third

year of the period, along with purchased CO,.

Timing of Production.—The production profile
was set at a fixed percentage of the total recov-
ery (as computed by the recovery model above).
The schedule is shown in table B-17. All reser-
voirs were developed on 40-acre spacing.

Offshore Reservoirs.--Offshore CO,miscible
displacement was calculated using a different
model than the onshore model. The reservoirs of
the gulf offshore are steeply dipping because
they are nearly universally associated with salt
dome formations. This has limited effect on the
other processes but great impact on CO,misci-
ble. Due to the dip, the CO), with small quan-
tities of CH,can be injected at the top of the dip
and gravity stabilized. No production is noted
until the oil bank ahead of the miscible slug
reaches the first producers down dip. The bank is
produced until the slug breaks through, at which
time the producer is shut in and the slug pro-
ceeds further down dip, creating a new bank
which is produced in like manner at the next pro-
ducer further down. The process continues until
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Table B-17
Production Rate Schedule
for Carbon Dioxide Miscible

Percent
Year of EOR
Carbonates
1-3 . 0
b 5
D 9
B 13
T 17
B 19
O e 14
0. 10
11 . . PR , 6
12, 4
S 2
14 . 1
Total . . ... 100
Sandstones

13 0
4 6
2 19
O 26
7 21
B 13
1 2P 9
10 6
Total . o 100

Table B-18
Gas Injection Schedule
Offshore Carbon Dioxide Miscible

the final bank has been produced at the bottom
of the formation. Because the integrity of the
miscible slug must be maintained, no water injec-
tion is contemplated. However, air is compressed
and used to push the CO,-CH,mixture after a
relatively large volume of the mixture has been
injected. Residual oil saturation after miscible
displacement, S_ = was set at 0.08. Sweep effi-
Ci Em, was set at 0.80 (i.e (Em/Evm) x E,~

ency s

0.80). This is a significantly higher sweep efficien-
cy than used, on the average, for onshore reser-
VOirs.

The fluid injection schedule for offshore reser-
voirs is shown in table B-18 and the oil produc-
tion schedule is given in table B-19.

Carbon Dioxide Costs

Well Driling and Completion Costs.-Because
of special requirements created by CO,flooding,

Year | CO0, -CH, | Air
oo 0 0
2 0.25PV o
3 0.25PV o
4 0 0.15PV
S 0 0.15PV
Table B-19
Oil Production Schedule
Offshore Carbon Dioxide Miscible
Production
Year percent of total
Lo 0
2 o
3 o
4 50
T 50
Total . ............... 100

the base driling and completion cost was in-
creased by a factor of 1.25 for injection wells.

Compression Costs.—Twenty-five percent of
the CO,requirement was met from recycled
C 0O,. Compression equipment was purchased
and fuel costs were charged to this recompres-
sion.

Carbon Dioxide Pricing Method.—The cost of
CO0,is a variable of major importance. Costs of
CO,can vary widely depending on whether the
source is natural or manufactured gas and de-
pending on the transportation method and dis-
tance. In fact, this EOR technique probably has
the greatest potential for economies of scale
because of the variability of these costs.

The cost algorithm used in the OTA study was
developed by Lewin and Associates, Inc., and a
summary of this analysis follows. Reservoirs were
placed into one of four categories. These catego-
ries are:

+ Concentrations of large reservoirs adequate

to support the construction of a major CO,
pipeline.

+ Concentrations of smaller reservoirs where
the bulk of CO,transportation would be by



major pipeline but where lateral lines would
be required to deliver CO,to the numerous
smaller fields,

Smaller concentrations of large (and small)
reservoirs where a smaller pipeline or alter-
native means for transporting CO,could be
used.

. Individual, small reservoirs to be served by
lateral pipeline or tanker trucks, where the
amounts of required CO,would not justify
the building of a new pipeline.

Results of the analysis of each of these
categories is provided in the section below. The
following subsection contains the details of the
calculations.

Results of Carbon Dioxide Cost Calculations

Concentrations of Large Reservoirs. Given
the indicated locations of natural CO,and the
concentration of large candidate reservoirs such
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as in western Texas, eastern New Mexico, and
southern Louisiana, it appears that the reservoirs
in these areas could be served by major CO,
pipelines.

The CO0,cost model uses the following
algorithms for assigning CO0,costs to reservoirs:

« $0.22 per Mcf for producing CO,,

. $0.24 per Mcf for compression and opera-
tion costs, and

. $0.08 per 100 miles of pipeline distance, in-
cluding small amounts of lateral lines,
assuming a 200 MMcf per day of pipeline
capacity.

Under these assumptions, the base cost for CO,
delivered to concentrations of large reservoir
areas would be according to the following chart.
All reservoirs, large and small, in these
geographic areas would be able to take advan-
tage of the economies of scale offered by the
basic concentration of large reservoirs.

Approximate Carbon dioxide
Geographic area truckline distance Laterals cost per Mcf
(miles) (miles) (dollars)

Louisiana—South . . . . ... ... 200 100 0.70
offShore. . . ..o 400 200 0.94
Texas-DistriCt 76 . . . . . . . 300 100 0.78
District 7C,8,8A,9 . . . . . . . 300 100 0.78
District 10 . . . . oo 300 100 0.78
OffShOre. . . . oo et 500 100 0.94
New Mexico East and West . . . ... ....... ... ... 200 100 0.70
WYOMING. © « ot e e e e e e e e “o 300 —_ 0.70

Adequate Concentration of Large and Small
Reservoirs Served by Lateral Lines.—The second
class of reservoirs would be the large and small
reservoirs in close proximity to the major
trunklines. These reservoirs could be serviced by
using short distance lateral lines. Carbon dioxide
costs were assigned as follows:

« $0.46 per Mcf for producing and compress-
ing the CO0,, and

« $0.20 per Mcf per 100 miles for
tion.

transporta-

The CO,model assumes that reservoirs in the
following geographic areas could be served by
short distance trunklines or linking lateral lines to

the main trunklines, using pipelines of 50 MMcf
per day capacity.

Approximate

distance Carbon dioxide
Geographic area trunklines or laterals| cost per Mcf

(miles) (dollars)
Colorado . ... .... 100 0.70
Mississippi. . . . . . . 100 0.70
Oklahoma . . .. ... 150 0.78
Utah. . .......... 100 0.70

Low Concentration, Large and Small Reservoirs,
Close to Natural Sources of Carbon Dioxide.—
The third class of reservoirs are those close to
natural CO,sources where only minimum
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transportation charges would be required to
deliver the CO0,to the field.

The first question is what size of pipeline can
be justified. This was examined for the two
smaller potential States of Alabama and Florida.
It was assumed that both of these States would
justify a 100 MMcf pipeline under a 10-year
development plan and a 50 MMcf pipeline under
a 20-year development plan. For a 50 MMcf
pipeline the costs were assumed to be as
follows:

. $0.46 per Mcf for producing and compress-
ing the CO,, and

« $0.20 per Mcf per 100 miles for transporta-
tion, including laterals.

The CO,model assumes that the following
geographic areas are close to natural CO,sources
and could be served by small pipelines, having
50 MMcf/day capacity.

An alternative to this third class of reservoirs
are those similar reservoirs that are not close to
natural CO,sources. The reservoirs in these
geographic locations would need to be served by
C O,extracted from industrial waste products
(e.g., from chemical complexes, ammonia plants,
gasoline plants, combined powerplants, etc.).

An analysis of minimum required pipeline size
indicated that each of these areas could support
a 200+ MMcf per day pipeline under a 10-year
development plan and a 100 MMcf per day
pipeline under a 20-year development plan. The
following costs were used for these reservoirs:

*+ $0.90 per Mcf for extracting the manufac-
tured CO,,

* $0.25 per Mcf for compression and opera-
tion,

* $0.08 per Mcf for 100 miles of trunk

Approximate Carbon dioxide pipeline (200 mmcf per day capacity), plus
Geographic area ipeline distance cost per Mcf . .
arap e (miles) (dcﬁlars) * $0.30 per Mcf for three 50-mile lateral lines
200 0.86 (50 MMcf per day capacity) connecting the
ﬁ:ig?::: """"" 500 0.86 CO,source to the trunkline.
ida........... 300 1.02 .
EZ:S:S 200 0.86 Under these assumptions, the base cost for
Montana . . . . .. ... 200 0.86 C O,for the geographic areas in this category
West Virginia . . . . . 100 0.70 would be as follows:
Purchasing, operating,
Approximate and gathering costs co,
Geographic area pipeline distance per Mcf cost per Mcf
(miles) (dollars) (dollars)
California-Central Coastal, L.A. Basin,
and offshore . . .. ............... 200 1.45 161
Louisiana—North . . .......... ... .. ... 200 1.45 1,61
Texas--District 1 . . .. .. ...t 200 1.45 1.61
DIStriCtS 2,3,4 . o v oo oo 200 1.45 1.61
DiStricts 5,6. .« . oo o 200 1.45 161

Low Concentration, Small Reservoirs.—The
final category of reservoirs considered in the
analysis are the small reservoirs located in the
moderate- and low-concentration geographic
areas. The alternatives here are to construct a
small pipeline to the trunkline or to deliver the
C O,via truck. Large trunkline construction for
low concentration reservoirs is infeasible.

For those geographic regions where the large
reservoirs are already served by a pipeline, it ap-
pears likely that additional small lateral lines
could be added to extend the CO,delivery to
small fields. These fields would only need to pay
the marginal costs of delivery. Because of this,
rather small CO,lateral lines could be con-
structed (as small as 5 MMcf per day), which



would serve an area with as little as 5 million bar-
rels of recoverable oil. it was thus assumed that
the average CO0,costs for the small fields in a
region already served by a pipeline would be the
same as base costs for that region.

For concentrations lacking such existing
trunklines, i.e., the remaining States, tanker-
trucks would deliver CO,. These would include:

lllinois North Dakota
Indiana Ohio
Kentucky Pennsylvania
Michigan South Dakota
New York Tennessee
Virginia

The cost in these States was set at $2.75 per Mcf.

Calculation Method and Details—
Carbon Dioxide Costs

The method used to derive the CO0,costs is
briefly outlined in this section. The analysis
followed a seven-step sequence:

+ calculate the relationship of pipeline
capacity to unit costs,

+ translate pipeline capacity—-cost relation-
ship to pipeline investment costs per Mcf,
for various pipeline capacities,

+ calculate the pipeline delivery costs per Mcf
that vary by distance,

+ calculate the CO,purchase and delivery
costs per Mcf that do not vary by distance,

+ calculate full costs per Mcf for natural and
manufactured CO,,

+ translate pipeline capacity to minimum re-
quired field size, and

+ complete the breakeven analysis of using
pipeline versus truck for delivering CO,to
the field.

Relationship of Capacity to Costs.—The
following were assumed for calculating pipeline
investment costs:

= $330,000 per mie for 200 MMcf per day
capacity,
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investment is scaled for capacity by a 0.6
factor, and
pipeline wi Il last 20 years.

Fixed and variable costs were set as follows:

. fixed costs plus variable cost exponent
(capacity) = total

Using the above data:

fixed costs + 0.6 (200,000 Mcf/day) =
$330,000 per mile,

. fixed costs = $210,000 per mile, and

o variable costs = $600 per MMcf/day per
mile.

This relationship of costs to capacity has
the general form shown in figure B-2.

Figure B-2. Pipeline Cost Versus Capacity
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Pipeline Investment Costs per Mcf.—The cost
—capacity graph was translated into a cost per
Mcf (per 100 miles) graph by dividing costs by
capacity, as follows:

For the 200 MMcf/day capacity at $330,000
per mile, the cost per Mcf per 100 miles with no
discounting of capital is:

($330,000 X 100)/(200,000 X 365 X 20) = $0,023 per Mcl

If an 8-percent rate-of-return requirement is
imposed, and it is assumed that no return results
until the fourth year, the costs would be raised
to:

- P
330,000 x 100 (1.08)* 78
=7200,000 x 365' (1.08)6 —1

|_.08(l .08) 3
C = $0.07 per Mcf per 100 miles
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Similarly, the pipeline investment cost per Mcf
can be generated as shown in table B-20.

labia 6-20
Pipeiine Capacity Versus investment
(8-percent rate of return)

Pipeline investment

Pipeline capacity cost per Mcf

(MMcf/day) ($ per 100 miles)

300 . . . 0.05
200 . . . 0.07
100 . . 0.11

50 . 0.20

2 0.37

o 0.89

A 1.79

Pipeline Delivery Costs Variable by Distance.—
The pipeline investment cost was added to
pipeline operating costs to develop pipeline
costs per Mcf that are variable by distance. The
following was assumed:

pipeline operating costs are $0.01 per Mcf
per 100 miles, and

. the pipeline capital costs from table 6-20
are applicable,

« with these assumptions, the variable cost
per Mcf per IOO miles can redeveloped as
shown in figure B-3.

Figure B-3. Variable CO,Transportation
Costs Versus Pipeline Capacity
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Carbon Dioxide Costs Not Variable by Dis-
tance.—The following was assumed:

repressurizing operating costs are $0.16 per
Mcf

e repressurizing capital costs are $0.08 per
Mcfbased on the following:
$700 per hp
280 hp required to pressurize 1,000
Mcf per day
Compressors will last 20 years
8-percent discount rate,
e the purchase cost of naturally occurring CO,
is $0.22 per Mcf,
e extraction costs for manufactured CO,are
$0.90 per Mcf, and
e additional lateral lines will be required to
gather and transport manufactured CO,.

Based on the preceding, the fixed costs for
manufactured CO,will be $1.14 per Mcf with
lateral lines as shown in table B-21.

Table B-21
Lateral Lines Associated With Pipeline Capacity

Pipeline capacity Amount and size of

(MMcf/day) lateral lines
300 . ... 3 to 50 mile @ 50 MMcf/day
200 .. 3 to 50 mile @ 50 MMcf/day
100 . .. 3 to 50 mile @ 25 MMcf/day
50 . 2 to 50 mile @ 10 MMcf/day
25 1 to 50 mile @ 10 MMcf/day
10 . 1 to 50 mile @ 5 MMcf/day
S None

Total Costs per Mcf.—The investment and
operating costs were then added to the purchase
price for natural CO,and extraction and gather-
ing costs for manufactured CO,to obtain the
total cost per Mcf. These are shown for various
conditions in table B-22.

Relationship of Pipeline Capacity to Field
Size.—The pipeline capacity was related to field
size using the following assumptions:

+ 5 Mcf are required per barrel of recovered
oil,

+ CO,is injected over 10 years, and

+ CO,recovers 30 percent of the oil left after
primary/secondary recovery.

Then the conversions of pipeline capacity to
field size shown in table B-23 were used.

Break-Even Analysis.-Using $2.75 per Mcf as
the trucked-in cost for CO, two curves were
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Table B-22
Total Costs per Mcf of CO.
(dollars) B
Pipeline Extract Gather
capacity Distance Transp. Fixed Purchase from from Full cost Full cost for
(MMcf/day) (miles) costs operating (natural) manuf. manuf. for natural manufactured
300. .. 100 0.06 0.24 0.22 0.90 0.30 0.52 1.50
200 0.12 0.24 0.22 0.90 0.30 0.58 1.56
300 0.18 0.24 0.22 0.90 0.30 0.64 1.62
400 0.24 0.24 0.22 0.90 0.30 0.70 1.68
200. .. 100 0.08 0.24 0.22 0.90 0.30 0.54 152
200 0.16 0.24 0.22 0.90 0.30 0.62 1.60
300 0.24 0.24 0.22 0.90 0.30 0.70 1.68
400 0.32 0.24 0.22 0.90 0.30 0.78 1.76
100. .. 100 0.12 0.24 0.22 0.90 0.57 0.58 1,83
200 0.24 0.24 0.22 0.90 0.57 0.70 1.95
300 0.36 0.24 0.22 0.90 0.57 0.82 2.07
400 0,48 0.24 0.22 0.90 0.57 0.94 219
50... 50 0.10 0.24 0.22 0.90 0.90 0.56 214
100 0,21 0.24 0.22 0.90 0.90 0.67 2.25
200 0.42 024 0.22 0.90 0.90 1.88 2,46
300 0.63 0.24 0.22 0.90 0.90 1.09 2.67
400 0.84 0.24 0.22 0.90 0,90 1.30 2.88
2 5 50 0.19 024 0.22 0.90 0.90 0.65 2.23
100 0.38 0.24 0.22 0.90 0.90 0.84 242
200 0.76 0.24 0.22 0.90 0.90 1.22 2.80
300 1.14 0.24 0.22 0.90 0.90 1.60 3.18
1 0 50 0.45 0.24 0.22 0.90 0.88 0.91 249
100 0.90 0.24 0.22 0.90 0.88 1.36 2.94
200 1.80 0.24 0.22 0.90 0.88 2.20 3.84
5... 50 0.88 0.24 0.22 0.90 - 1.34 2.02
100 1.76 0.24 0.22 0.90 - 2.22 2.90
200 3.52 0.24 0.22 0.90 - 3.98 4.66
Table B-23

Pipeline Capacity as a Function of Field Size

Minimum required concentration
(or field size)
Incremental oil Residual oil
Pipeline capacity |recovered by C02 in place
(MMcf/day) (million barrels) (million barrels)
300, .. ... 219 730
200, .. ... 146 490
100 . ... 73 240
50 .. ... ... 36 120
25 . 18 60
0. ... 9 30
5. 5 17

determined: one for natural and one for manufac-
tured CO,. These curves, shown in figure B-4, in-
dicate the field size (oil concentration) and dis-
tance combinations where either pipeline or
trucked CO,would be more economic.

Distance, in miles

Figure B-4. Transportation
of CO,— Break-Even Analysis

500
400 p»
Manufactured
300 GC2
: I Economical to

200 b . Use Pipeline
100

| | 14t | | |

5 10 15 20 25 30 35

(Million Barrels of Recoverable Oil)
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Sensitivity Analyses

Calculations were made with different sets of
parameters than those presented in the main
body of the report. In general, these additional
calculations were done to determine the sen-
sitivity of the results to certain of the important
variables. For CO,miscible, two important con-
siderations were the minimum acceptable rate of
return and the price of the injected CO,. Results
of calculations in which these parameters were
varied are given in this section.

High-Process Performance—High-Risk Case.—
A calculation was made in which the minimum
acceptable rate of return was set at 20 percent.
The rate of implementation of projects was
governed by the rate of return earned in a manner
analogous to that given by table 8 in chapter Ill.
The schedule of starting dates based on rate of
return is given in the section on the economic
model (p. 35).

Results of this calculation, considering the case
in which the process is viewed as a high risk tech-

nology, are given in table B-24 for the world oil
price. Ultimate recovery is dramatically reduced
from the conventional risk case (lo-percent rate
of return) presented in the body of the report. At
lo-percent rate of return, the ultimate recovery is
13.8 billion barrels compared to 4.7 bilion bar-
rels with a 20-percent minimum rate of return.
Production rates are correspondingly reduced.

This result strongly suggests that a great deal
of research and development work must be done
to establish the processes, and that economic in-
centives must be provided if the projections pre-
sented in the body of the report are to be
reached,

Sensitivity to Carbon Dioxide Costs. -Calculi-
tions were made in which the purchase cost of
CO,was increased by factors of 1.5 and 2.5. A
significant uncertainty exists relative to CO,costs
and variations of these magnitudes are con-
sidered feasible.

Results for the high- and low-process perform-
ance cases are shown in table B-25 and B-26,

Table B-24
Estimated Recoveries for Advancing Technology—
High-Process Performance

High Risk (20-percent rate of return)
Carbon Dioxide Miscible

World oil price
($13.75/bbl)

Onshore Offshore Total
Ultimate recovery:
(billion barrels) . . . ..o 4.1 0.6 47
Production rate in:
(million barrels/day)** '
1980 . 0.1 . 0.1
1085 . 0.1 0.1
1990 & 0.1 ' 0.1
1995 . . 0.6 0.1 0.7
2000 . .. 0.9 0.1 11
Cumulative production by:
(million barrels)**
L1980 . . v et 100 ' 100
1985, &t e 300 ’ 300
1990 . ottt 400 100 600
1995 L e 900 200 1,100
2000 1, e 2,700 500 3,200

e Less than o. Imilion barrels of daily production, or less than 100 million barrels of cumulative production.
® “Daily production figures rounded to 0.1 milion barrels, cumulative production figures rounded to 100 million barrels; row totals may not

add due to rounding.
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Sensitivity of Ultimate Recovery to Carbon Dioxide Cost

Advancing Technology-High-Process Performance Case
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(billions of barrels)

Upper tier price World 011 price Alternate fuels price

Cost factor ($11.62/bbl) [$1 3.75/bbl) ($22 .00/bbl)

Onshore Offshore Total Onshore Offshore Total Onshore Offshore Total
1.0” 85 0,6 9.1 129 0.9 13.8 185 2.6 211
15 3.9 01 4.0 6.7 0.3 7.0 15.9 19 178
25 0.4 0.0 0.4 18 0.0 1.8 115 06 12.1
“Case reported In body of report

Table B-26

Sensitivity of Ultimate Recovery to Carbon Dioxide Cost

Advancing Technology—Low-Process Performance Case

(billions of barrels)
cost Upper tier World oil Alternate fuels
factor price price price
($11.62/bbl) ($1 3.75/bbl) ($22.00/bbl)
107 35 4.6 12.3
15. . e 0.8 1.8 8.9
2D 0.3 0.3 4.2

“Case reported in body of report

respectively. As seen in table B-25, increasing the
cost of CO,by a factor of 1.5 reduces ultimate
recovery by a factor of about 2 at upper tier and
world oil prices. The effect is not so pronounced
at the alternate fuels price. Increase of the cost by
a factor of 2.5 essentially eliminates production
at the upper tier price and reduces recovery to
less than 2 billion barrels at world oil price.

For the low-process performance case, an in-
crease of CO,cost by a factor of 2.5 reduces ulti-
mate recovery to about 0.3 bilion barrels at
world oil price, and to about 4 bilion barrels at
the alternate fuels price.

Economic Model

The economic model was developed by Lewin
and Associates, Inc.”In this section the structure
of the basic model will be described, followed by
tabulations of the economic parameters.

Structure of the Model

The model uses a standard discounted cash-
flow analysis. The unit of analysis is the reservoir
with economic calculations being made for a
single “average” five-spot pattern within the
reservoir. Results of the single-pattern calculation

are then aggregated according to a reservoir
development plan (described below) to deter-
mine total reservoir economic and production
performance.

Cash inflows are determined using the specific
oil recovery models previously described for
each process. Recovery models are applied using
the reservoir parameters from the data base. An
assumption was made that 95 percent of the oi
remaining in a reservoir was contained within 80
percent of the area. This “best” 80 percent was
then developed in the model. An adjustment of
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reservoir thickness was made to distribute the 95
percent of the remaining oil over an acreage
equal to 80 percent of the total acreage. Timing
and amounts of oil production are dependent on
the particular EOR process applied as previously
described.

Cash outflows are based on several different
kinds of costs and investments. These are: 1)
field development costs, 2) equipment invest-
ments, 3) operating and maintenance (O & M)
costs, 4) injection chemical costs, and 5)
miscellaneous costs, such as overhead. Listings
and descriptions of the costs follow.

Using the cash inflows and outflows, an annual
overall cash-flow calculation is made considering
Federal and State taxes. Appropriate State tax
rules are incorporated for each reservoir. Cash
flows are then discounted at selected interest
rates to determine present worth as a function of
interest rate. Rate of return is also calculated.

The discounted cash-flow analysis was made
at three different oil prices. These included upper
tier price ($1 1.62 per barrel), world oil price
($1 3.75 per barrel), and an estimated price at
which alternate fuels would become competitive
($22.00 per barrel). All costs were in 1976 real
dollars with no adjustment for inflation.

Reservoirs were developed if they earned a
rate of return of at least 10 percent by one of the
EOR processes. In situations where more than
one EOR process was applicable to a reservoir,
the EOR process yielding the greatest ultimate
recovery was selected as long as a rate of return
of at least 10 percent was earned.

Specific Economic Assumptions

Date of Calculations.—Ail calculations were
made as of a date of July 1, 1976. Cost data were
projected to that date. No attempt was made to
build inflation factors into the calculations of
future behavior.

Sharing of Operating and Maintenance Costs.—
Well operating and maintenance costs were
shared between primary and secondary produc-
tion and enhanced oil production. A decline
curve for primary and secondary production was
generated for each reservoir. This was based on
specific reservoir data, if available, or on regional

decline curve data if reservoir data did not exist.
Well operating costs were assigned annually to
enhanced oil operations in direct proportion to
the fraction of the oil production that was due to
the EOR process.

General and Administrative (Overhead)
Costs.—These costs were set at 20 percent of the
operating and maintenance costs plus 4 percent
of investments (excluding any capitalized chemi-
cal costs). Where O & M costs were shared be-
tween primary and secondary and enhanced
recovery, only that fraction assigned to EOR was
used as a basis for the overhead charge.

Intangible and Tangible Driling and Comple-
tion Costs.—Intangible costs were expensed in
the year incurred in all cases (no carryback or car-
ry forward was used in the tax treatment). These
costs were set at 70 percent of driling and com-
pletion costs for new wells and 100 percent of
workover costs.

Tangible costs were “recovered” by deprecia-
tion. Thirty percent of drilling and completion
costs were capitalized plus any other lease or
well investments. A unit of production deprecia-
tion method was applied.

Royalty Rate.—A rate of 12.5 percent of gross
production was used in all cases.*

Income Taxes.—The Federal income tax rate
was set at 48 percent. The income tax rate for
each State was applied to reservoirs within the
State. An investment tax credit of 10 percent of
tangible investments was used to reduce the tax
liability. If a negative tax were computed in any
year, this was applied against other income in the
company to reduce tax liabilities.

Chemical Costs—Tax Treatment.—For tax pur-
poses, chemicals, such as CO,, surfactant,
polymer, and so on, were expensed in the year of
injection. Tax treatment of the chemical cost is
an important consideration. The effect of having

“In most current leases, a royalty is charged on net pro-
duction. However, there is a trend to charge a royalty on
gross production in some Federal leases and because this
trend could extend into the private sector in the future,
OTA calculations assessed royalty charges against gross pro-
duction.



to capitalize chemicals (and recover the invest-
ment via depreciation) was treated as a part of
the policy considerations. This is discussed in the
main body of the report.

Size of Production Units--For purposes of the
economic calculations, a production unit was
assumed to consist of the acreage associated
with one production well. This varied from proc-
ess to process. The spacing used is shown in
table B-27.

Table B-27
Production Unit Size
Production Injection
Process Acres wells wells
C O, miscible . . . .. 40 1.0 1.0
Steam drive . . . . .. 2.5-5.0 1.0 1.0
In situ combustion . 20 1.0 1.0
Surfactant/polymer Variable 1.0 1.0
(Max= 40)
Polymer. .. ....... 40 1.0 0.5

Information on number and age of production
and injection wells was input as part of the data
base. Existing wells were used and worked over
as required according to their age and condition,

As previously indicated, an assumption was
made that 95 percent of the remaining oil in
place was located under 80 percent of the reser-
voir acreage. The oil in this “best” acreage was
assumed to be uniformly distributed.

Timing of Reservoir Development.-Reservoirs
were developed according to a plan designed to
simulate industry implementation of EOR proc-
esses in a reservoir. The first part of the timing
plan consists of a schedule of starting dates
based on rate-of-return criteria. This was dis-
cussed in the main body of the report, and the
schedule is given in table 8 in chapter lll. This
schedule is for the conventional risk situation
with a 10-percent rate of return taken as the
minimum acceptable rate,

A “high-risk” case was also considered in
which the minimum acceptable rate of return was
set at 20 percent. The schedule of starting dates
was altered for this high-risk case as shown in
table B-28.

The second part of the timing plan consists of
the elements of the specific reservoir develop-

654 () - 78 - 13
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Table B-28
Schedule of Starting Dates

High-Risk Case

Continuations of

ongoing projects New starts
Date rate of return rate of return
1977 .. ... >20% %60%
1978 .. ......... >20% >45%
1979 . ... ... .. >20% >40%
1980........... >20% >35%
1981 ........... >20% >30%
1982 . ..., >20% >28%
1983 ........... >20% >26%
1984 . .......... >20% >24%
1985........... >20% >22%
1986........... >20% >20%
1987 -2000 . . .... >20% >20%

ment scheme, once a starting date is assigned.
The seven elements of the reservoir development
plan are as follows:

Reservoir study. Preliminary engineering
studies and laboratory tests are conducted.
A decision is made whether or not to under-
take a technical pilot.

Technical pilot. Pilot consists of one or two
five-spot patterns on close spacing. Techni-
cal parameters are evaluated.

Evaluate pilot, planning. Pilot results are evalu-
ated and plans are made for economic pilot.
Budgeting occurs.

Economic pi/et. Pilot consists of four to eight
five-spot patterns on normal spacing. Pur-
pose is to evaluate economic and technical
potential.

Evaluation and planning, Results of pilots are
evaluated. Plans are made for full-scale
development.

Pipeline construction (CO, miscible only).
Pipeline necessary to carry CO,from source
to reservoir is constructed.

Development of complete reservoir. The re-
maining part of the reservoir is developed
according to a set time schedule.

The time devoted to each of the seven steps
for each process is shown in table B-29.

Extrapolation to Nation.—To obtain the na-
tional potential for EOR, calculated reservoir



178 . Appendix B

Table B-29
Timing of Reservoir Development

Years of Elapsed Time by EOR
Technique
Step Surfactant/
Steam In situ COZ polymer Polymer

Reservoir study . . .. ...... | | | 1 1
Technical pilot . . . ....... 2 2 2 2 0
Evaluate pilot, planning . . . 1 1 1 1 0
Economic pilot . . ... ... .. 3 2 4 4 5
Evaluation and planning. . . 1 2 1 1 1
Pipeline construction . . . . . - - 2 - -
Development of

TESerVOIr. . .. .......... 10 lo* 5 10 2

. Total 18 18 16 19 9

*In situ proceeds in four separate segments introduced 3 years apart.

recoveries were first extrapolated to the State or
district level and then summed to yield the na-
tional total. The State or district extrapolation
factor was the ratio of remaining oil in place
(ROIP) (after secondary recovery) in the State or
district divided by the ROIP in the data base
reservoirs in the State or district.

An example calculation for the State of
Wyoming follows (for world oil price).

Calculated EOR Recovery. . . . .. ........ 0.56 billion bbls
(from reservoirs in data base)
Percent of ROIP in data base. . . .. ................ 43.0
ROIPindatabase ................. 10,628 million bbls
ROIP in State. . . . ... .............. 24,700 million bbls
State EOR =0.56 x 10242 >x2 . ..1.3 billion bbls
10.6x1 O’

The State and district subdivisions used for ex-
trapolation are shown in the tables of economic
parameters (Table B-30 for example).

Economic Data— General

This subsection is taken directly from the
report of Lewin and Associates, Inc., to the Energy
Research and Development Administration.”
Much of the material is quoted directly.
Economic parameters are given which are used in
the model previously described. In the analysis,
specific values of the parameters are calculated
based on geographic location, reservoir depth,
condition of the wells, and the existence of
waterflooding or other secondary recovery. A
large number of geographic areas have been
established. In many cases these correspond to a
State, but in other cases (such as Texas) several

districts are defined within a State. Four depth
categories have been defined. Condition of the
wells in a reservoir is judged by the year of most
recent development. Existence of secondary
recovery in a reservoir is noted from State
reports.

The general economic parameters are pre-
sented through a series of tables as follows:

Table B-30 Driling and Completion Costs for
Production and Injection Wells

Table B-31 Well, Lease, and Field Production
Equipment Costs—Production
Wells

Table B-32 Costs of New Injection Equipment

Table B-33 Well Workover and Conversion
Costs for Production and Injection
Wells

Table B-34 Basic Operating and Maintenance
Costs for Production and Injection
Wells

Table B-35 Incremental Injection Operating
and Maintenance Costs

Table B-36 State and Local Production Taxes

Table B-37 State Income Taxes.

Each exhibit presents the parameters actually
used in the models. The first six tables are accom-
panied by attachments that explain or illustrate
the derivation of the parameters. All the tables
are stated in 1976 prices.

Parameters in the above tables are for onshore
reservoirs. Additional economic parameters for
offshore reservoirs follow.



Drilling and Completion Costs for Production and Injection Wells

Table B-30

(dollars per foot of drilling and completion)
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Depth category
Geographic 2500- 5,000- 10,000-
State/district unit 0-2,500’ 5,000 10,000’ 15,000’
California
Eastcentral.................. | 31.60 28.03 50.02 93.62
Centralcoast................ 2 42.61 42.70 45.35 74.71
South....................... 3 39.71 49.74 46.81 70.10
Offshore .. .................. 4 75.88 59.99 56.38 64.59
</2000wD .. ............ N.A. N.A. N.A. N.A.
201 -4000WD . ............. N.A. N.A. N.A. N.A.
401-800°'WD .............. N.A. N.A. N.A, N.A,
>800'WD . . ... ... N.A. N.A. N.A. N.A.
Louisiana
North. . ..................... 5 21.84 21.62 37.98 33.93
South....................... 6 60.99 53.00 46.95 57.62
Offshore . ................... 7 112.32 110.32 109.42 103.20
<=200'wD............... N.A. N.A. N.A. N.A.
201-400WD . ... N.A. N.A. N.A. N.A.
401-800°'WD. . . ........... N.A. N.A. N.A. N.A.
>=800°'WD. .., ........... N.A. N.A. N.A. N.A.
Texas
b 8 17.94 23.91 31.34 35.00
/2 9 18.00 27.15 28.36 33.40
B 10 32.28 37.09 34.12 63.75
Ao 11 28.23 24.17 23.46 77.67
L 12 16,71 26.23 32,51 55.96
B 13 32.66 19.19 3151 60.96
70 . 14 13.30 19.94 20.99 N.A.
7C ., 15 30.91 20.60 26.50 43.42
B 16 30.86 23.15 31.66 43.85
BA 17 17.49 18.00 24.87 41.58
O 18 14.72 23.38 28.32 33.00
0. 19 24.77 18.68 27.27 48.41
Offshore. ................... 20 112.32 110.32 109.42 103.20
<=200°'wD. . . .......... N.A. N.A. N.A. N.A.
201-400'WD .. ... N.A. N.A. N.A. N.A.
401-800°'WD. . . ........... N.A. N.A. N.A. N.A.
>=800°'WD. ............... N.A. N.A. N.A. N.A.
New Mexico
East.............. ...t 23 35.15 31.25 34.00 50.01
West........cooiiiiii . 24 45.38 22.57 25.27 34.00
Oklahoma....................... 25 20.37 25.10 30.59 49.61
Kansas
West. . ... 30 15.72 20.07 23.03 34.00
East.............. ... ..., 31 15.72 20.07 23.03 34.00
Arkansas
North....................... 32 17.74 20.04 26.48 33.50
SoUth . i 33 17.74 20.04 26.48 33,50
MissOUri. . ... 34 20.57 ‘25.10 30.59 49.61
Nebraska
Central..................... 35 20.37 25.10 30.59 49.61
West..........coviiiin.. 36 45.38 22.57 25.27 34.00
Mississippi
HiSulphur. . ................. 40 23.32 23.32 23.69 56.25
LoSulphur.................. 41 23.32 23.32 23.69 56.25

N.A. = not applicable.
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Table B-3 Cont.

Depth category

Geogre_lphic 2,500- 5,000- lo,000-
State/district unit 0-2,500 5,000’ 10,000 15,000’
Alabama
Hi sulphur. . ................. 42 28.26 27.94 40.00 55.69
Losulphur. .. ... ... . ... ... 43 28.26 27.94 40.00 55.69
Florida
Hisulphur. . ................. 44 28.26 27.94 40.00 55.69
Losulphur. . ................. 45 28.26 27.94 40.00 55.69
Colorado . .. ..o 50 45.38 22,57 25.27 34.00
Utah ..o 53 39.18 42.00 45.13 93.48
WYOMING . oot 55 42.24 47.07 34.81 104.69
Montana . . ... 57 15.98 30.05 36.80 48.98
North Dakota . . . .................. 58 26.00 31.05 37.87 45,10
South Dakota . .. .................. 59 26.00 31.05 37.87 45.10
HHNOIS . o oo 60 24.46 26.43 32.74 50.00
INAIANA. ooy v e 61 24.46 26.43 32.74 50.00
Ohio
WeSt . ..o 62 24.46 26.43 32.74 50.00
Bast ... .o 63 15.38 19.09 18.14 30.00
Kentucky
WeSt . oo 64 24.46 26.43 32.74 50.00
East .. ... 65 15.38 19.09 18.14 30.00
Tennessee
WeSt . oo 66 24.46 26.43 32.74 50.00
Bast ... 67 15.38 19.09 18.14 30.00
Pennsylvania. . . ................... 70 15.38 19.09 18.14 30.00
New York .. ... 71 15.38 19.09 18.14 30.00
West Virginia . . ................... 72 15,38 19.09 18.14 30.00
Virginia . ... 73 15.38 19.09 18.14 30.00
Alaska
North Slope . . ............... 80 N.A. N.A. 370.00 340.00
Cooklnlet................... 31 N.A. N.A. 190.00 180.00
N.A. = not applicable.
Tabie B-31
Weii,Lease,and Fieid Production Equipment Costs-Production Wells
(dollars per production well)
Depth category
Geographic 2,500- 5,000- 10,000~
State/district unit 0-2,500 5,000’ 10,000’ 15,000’
California
EastCentral . ................ 1 33,300 51,900 47,200 51,200
Central Coast... . . . .......... 2 33,300 51,900 47,200 51,200
South . .o 3 33,300 51,900 47,200 51,200
Offshore . . ... 4 300,000 300,000 300,000 300,000
<=200wWD. . . ............. 90 300,000 300,000 300,000 300,000
201-400'WD. . . . . . ... ... 91 300,000 300,000 300,000 300,000
401-800'WD . . . . . ... ... 92 N.A. N.A. N.A. N.A.
>800'WD . . ... 93 N.A. N.A. N.A. N.A.
Louisiana
North . . ... 5 23,500 45,600 50,500 44,400
South. ..o 6 24,700 47,300 52,900 48,800

N.A. = nonapplicable.
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Depth category

Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500° 5,000’ 10,000 15,000
Offshore . . .......ovvvivn.. 7 300,000 300,000 300,000 300,000
<=200'WD” . . . ... L 95 300,000 300,000 300,000 300,000
201 -400'WD . . . ... 96 300,000 300,000 300,000 300,000
401-800WD . . . . ... 97 N.A. N.A. N.A. N.A.
>=800WD . . . . . . .. ... 98 N.A. N.A. N.A. N.A.
Texas
L 8 23,500 45,600 50,500 44,400
2 9 23,500 45,600 50,500 44,400
Bririiiiiiiiiiiiiiiin. 10 23,500 45,600 50,500 44,400
4 11 23,500 45,600 50,500 44,400
B 12 23,500 45,600 50,500 44,400
B 13 23,500 45,600 50,500 44,400
B 14 23,100 32,900 52,400 45,200
TC 15 23,100 32,900 52,400 45,200
8 16 23,100 32,900 52,400 45,200
SA i i 17 23,100 32,900 52,400 45,200
O 18 23,100 32,900 52,400 45,200
10 . 19 24,900 37,100 49,100 58,200
Offshore . . ... 20 300,000 300,000 300,000 300,000
<=200WD ..o 95 300,000 300,000 300,000 300,000
201-400WD . . . . ... 96 300,000 300,000 300,000 300,000
401-800WD . . . ... ... ... 97 N.A. N.A. N.A. N.A.
>=800'WD. . .. ... ... ... 98 N.A. N.A. N.A. N.A.
New Mexico
East . . oo 23 23,100 32,900 52,400 45,200
WESt . oot 24 35,600 45,400 76,900 68,200
Oklahoma . .. ...........cvviinn... 25 24,900 37,100 49,100 58,200
Kansas
WeESt . . oo 30 24,900 37,100 49,100 58,200
EaSt . . oo 31 24,900 37,100 49,100 58,200’
Arkansas
North. . . ... o 32 24,900 37,100 49,100 58,200
South . .o 33 23,500 45,600 50,500 44,400
MISSOUIM. . . v v e e e e e e 34 24,900 37,700 49,100 58,200
Nebraska
Central . .................... 35 24,900 37,100 49,100 58,200
WeSt . ..o 36 35,600 45,400 75,900 68,200
Mississippi
HiSulphur. . ................. 40 23,500 45,600 50,500 44,400
loSulphur . .. ............... 41 23,500 45,600 50,500 44,400
Alabama
HiSulphur. . ................. 42 N.A. N.A. N.A. N.A.
loSulphur . ... ... ... ... 43 23,500 45,600 50,500 44,400
Florida
Hi Sulphur. . . ................ 44 N.A. N.A. N.A. N.A.
loSulphur . . ................ 45 23,500 45,600 50,500 44,400
Colorado . . ... 50 35,600 45,400 76,900 68,200
Utah. . ..o 53 35,600 45,400 76,900 68,200
WYOmMINgG. . ..o v oo e 55 35,600 45,400 76,900 68,200
MONtANA .« .« o v e e e e e 57 35,600 45,400 76,900 68,200
North Dakota . . ... ................ 58 35,600 45,400 76,900 68,200
South Dakota . . ................... 59 35,600 45,400 76,900 68,200
MiNOIS . . . oo 60 24,900 37,100 49,100 58,200
Indiana. . .., .........ii 61 24,900 37,100 49,100 58,200

N.A. = not applicable.
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Depth category
Geographic 2,500- 5,000- 10,000-

State/district unit 0-2,500° 5,000’ 10,000° 15,000°
Ohio

WESt . . oo 62 24,900 37,100 49,100 58,200

EaSt . oo 63 8,400 17,000 N.A. N.A.
Kentucky

West . . oo 64 24,900 37,100 N.A. N.A.

East......... .. 65 8,400 17,000 N.A. N.A.
Tennessee

WeSt . ..o 66 24,900 37,100 N.A. N.A.

East . oo 67 8,400 17,000 N.A. N.A.
Pennsylvania. . . .. ................. 70 8,400 17,000 N.A. N.A.
New York . .. ... ... 71 8,400 17,000 N.A. N.A.
West Virginia . . ... ... 72 8,400 17,000 N.A. N.A.
Virginia . ..o 73 8,400 17,000 N.A. N.A.
Alaska

North Slope . . . .............. 80 N.A. N.A. N.A. N.A.

Cooklnlet................... 81 N.A. N.A. N.A. N.A.

N.A. = not applicable.

NOTE:

Well, lease, and field production equipment designed for sec-
ondary but excluding Injection equipment Includes all items except
tubing and wellheads (which are Included In JAS driling costs) re-
quired to lift the fluid to the surface at the producing wellhead by
artiflcial lift, Including rod pump, gas lift, or hydraulic lift, depending

on geographic area and depth. These costs also Include all equip-
ment to process the produced fluids prior to custody transfer. The
major items included are: heater-treater, separator, well testing
system, tanks, flow levers from producing wells, water disposal
systems, and, when applicable, crude desulphurizatlon facilities.
These are average costs perproduction well.

Table B-32
Costs of New Injection Equipment

(dollars per injection well)

Depth category

Geographic 2,500- 5,000- 10,000-

State/district unit 0-2,500’ 5,000” 10,000’ 15,000’
California

East Central . . . ......... , 1 30,500 30,500 48,500 48,500

Central Coast. . .. ............ 2 30,500 30,500 48,500 48,500

South. . ..o 3 30,500 30,500 48,500 48,500

Offshore . . .................. 4 100,000 100,000 150,000 150,000

<=200WD .. ... 20 N.A. N.A. N.A. N.A.

201 -400WD . . . ..o 91 N.A. N.A. N.A. N.A.

401 -800'WD . . .. .......... 92 N.A. N.A. N.A. N.A.

>=800'WD . . . .. ... ... 93 N.A. N.A. N.A. N.A.
Louisiana

North. . ..o 5 28,500 28,500 45,300 45,300

South. . ... . 6 31,100 31,100 52,300 52,300

Offshore . . .................. 7 100,000 100,000 150,000 150,000

<=200WD . ... 95 100,000 100,000 150,000 150,000

201-400WD . . . ... 96 100,000 100,000 150,000 150,000

401 -800'WD , . . . ... 97 N.A. N.A. N.A. N.A.

>=80OWD ................ 98 N.A. N.A. N.A. N.A.

N.A. = not applicable.
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“Depth category
Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500° 5,000’ 10,000° 15,000
Texas
Lo 8 28,500 28,500 45,300 45,300
2 9 28,500 28,500 45,300 45,300
i 10 28,500 28,500 45,300 45,300
4 11 28,500 28,500 45,300 45,300
5 Toliiiiiiiiiiiiiiiiiiiio 12 28,500 28,500 45,300 45,300
B e 13 28,500 28,500 45,300 45,300
70 . 14 27,700 27,700 44,100 44,100
TC 15 27,700 27,700 44,100 44,100
B 16 27,70P 27,700 44,100 44,100
BA L 17 27,700 27,700 44,100 44,100
9.y 18 27,700 27,700 44,100 44,100
10 o 19 30,000 30,000 64,100 64,100
Offshore. . . ................. 20 100,000 100,000 150,000 150,000
<=200'WID . 95 100,000 100,000 150,000 150,000
201-400'WD. . . . . .. ... 96 100,000 100,000 150,000 150,000
401-800'WD. . . . . . .. .. ... 97 N.A. N.A. N.A. N.A.
>=800WD. . . . . .. ... ... 98 N.A. N.A. N.A. N.A.
New Mexico
East . . . .. 23 27,700 27,700 44,100 44,100
WeSt . ..o 24 42,800 42,800 74,700 74,700
Oklahoma. . ...................... 25 30,000 30,000 64,100 64,100
Kansas
West . ..o 30 30,000 30,000 64,100 64,100
EaSt . oo oo 31 30,000 30,000 64,100 64,100
Arkansas
North. . .. ... ... ... .. ...... 32 30,000 30,000 64,100 64,100
South, . .. ... . 33 28,500 28,500 45,300 45,300
Missouri. . . . . . . . . . . ... ... 34 30,000 30,000 64,100 64,100
Nebraska
Central . .................... 35 30,000 30,000 64,100 64,100
WESE . o 36 42,800 42,800 74,700 74,700
Mississippi
Hi Sulphur. ... ............... 40 28,500 28,500 45,300 45,300
loSulphur . . ................ 41 28,500 28,500 45,300 45,300
Alabama
HiSulphur. . . ... ............. 42 28,500 28,500 45,300 45,300
Lo Sulphur . . ................ 43 28,500 28,500 45,300 45,300
Florida
HiSulphur. . . ... ............ 44 28,500 28,500 45,300 45,300
loSulphur . . ................ 45 28,500 28,500 45,300 45,300
Colorado . . ... 50 42,800 42,800 74,700 74,700
Utah . ... 53 42,800 42,800 74,700 74,700
WYOMING © .« v vttty e 55 42,800 42,800 74,700 74,700
Montana . . . ....... 57 42,800 42,800 74,700 74,700
North Dakota . . . .................. 58 42,800 42,800 74,700 74,700
SouthDakota . .. .................. 59 42,800 42,800 74,700 74,700
MiNois . . . ... 60 30,000 30,000 64,100 64,100
Indiana. . . ............. 61 30,000 30,000 64,100 64,100
Ohio
WeSt . ..o 62 30,000 30,000 64,100 64,100
East....... ... 63 12,200 12,200 N.A. N.A.

N,A. = not applicable
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“Depth category
Geographic 2,500- 5,000- 10,000-

State/district unit 0-2,500 5,000 10,000° 15,000
Kentucky

West . ... 64 30,000 30,000 N.A. N.A.

EaSt . o oo 65 12,200 12,200 N.A. N.A.
Tennessee

West . ... 66 30,000 30,000 N.A. N.A.

EASt . oo oo 67 12,200 12,200 N.A. N.A.
Pennsylvania. . .................... 70 12,200 12,000 N.A. N.A.
New York . .. ... 71 12,200 12,000 N.A. N.A.
West Virginia . ... ..o 72 12,2(-)0 12,200 N.A. N.A.
Virginia . . ... 73 12,200 12,000 N.A. N.A.
Alaska

North Slope . . . .............. 80 N.A. N.A. N.A. N.A.

Cooklnlet................... 81 N.A. N.A. N.A. N.A,

N.A = not applicable.
Note: depleted primary producing field. The malor items included are:

Cost of water injection equipment for waterflood projects in-
eludes the equipment necessary to install a waterflood in a

Table B-33: Part A
Well Workover and Conversion Costs for Production and injection Wells

Workover and/or Conversion Costs for Enhanced Recovery

g_ﬂ. o —————
Percent of | Percent of wells Composition
Years field has been operated underexisting | wells worked |over 25-years old—| conversion cost
recovery process over (conversion percent
costs)
Morethan 25 . .. . ... ..o 100 100 100
16 1025, .o ot 50 80 40
B 10 15 ooy v 25 64 16
1t05. 0 0 0

Table B-33: Part B
Well Workover and Conversion Costs for Production and injection Wells

(dollars per well)

water supply wells, water tankage, injection plant and accessories,
injection heads, water injection lines, and electrification.

Depth category

Geographic 2,500- 5,000- 10,000~

State/district unit 0-2,500’ 5,000’ 10,000’ 15,000’
California

EastCentral . .. .............. 1 20,400 50,200 103,400 220,000

Central Coast. . ... ........... 2 20,400 50,200 103,400 220,000

South. . ... 3 20,400 50,200 103,400 220,000

Offshore. . ... ........c..... 4 150,000 150, 000 170,000 225,000

<=200WD ... 90 N.A. N.A. N.A. N.A.

201 -400WD . . ... 91 N.A. N.A. N.A. N.A.

401 -800'WD . . .. .......... 92 N.A. N.A. N.A. N.A.

>800'WD . . ... 93 N.A. N.A. N.A. N.A.

N.A. = not applicable.
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Depth category
Geographic 2,500- 5,000- 1o,000-
State/district unit 0-2,500’ 5,000 10,000 15,000’
Louisiana
North. .., oo 5 21,700 38,200 64,100 135,000
South . .o 6 35,400 69,000 94,000 139,700
Offshore . . .................. 7 150,000 150,000 170,000 225,000
<=200'WD. . . . . .......... 95 150,000 150,000 170,000 225,000
201-400'WD . . . . ... 96 150,000 150,000 170,000 225,000
401-800'WD. . . . .. ... ... 97 N.A. N.A. N.A. N.A.
>800WD . . ... 98 N.A. N.A. N.A. N.A.
Texas
L 8 21,700 38,200 64,100 135,000
2 9 21,700 38,200 64,100 135,000
< 10 21,700 38,200 64,100 135,000
4 11 21,700 38,200 64,100 135,000
- 12 21,700 38,200 64,100 135,000
B 13 21,700 38,200 64,100 135,000
70" 14 16,900 27,400 57,500 133,400
TC 15 16,900 27,400 57,500 133,400
8 16 16,900 27,400 57,500 133,400
SA i iiiiiiiiio: 17 16,900 27,400 57,500 133,400
O 18 16,900 27,400 57,500 133,400
10 19 17,400 29,700 59,800 132,500
Offshore . .. ................. 20 150,000 150,000 170,000 225,000
<=200'WD. . ..., 95 150,000 150,000 170,000 225,000
201-400WD . . .. ... 96 150,000 150,000 170,000 225,000
401-800'WD. .., . . . . .. ... 97 N.A. N.A. N.A. N.A.
>=800'WD. . . . ... ... .... 98 N.A. N.A. N.A. N.A.
New Mexico
East . . oo v 23 16,900 27,400 57,500 133,400
WeESt . . oo 24 34,700 50,900 76,900 147,500
Oklahoma . ....................... 25 17,400 29,700 59,800 132,500
Kansas
WeSt . ..o 30 17,400 29,700 59,800 132,500
EASt . o oo 31 17,400 29,700 59,800 132,500
Arkansas
North . ... ... . .. 32 17,400 29,700 59,800 132,500
South . ..o 33 21,700 38,200 64,100 135,000
MiSSOUN. . . ..o 34 17,400 29,700 59,800 132,500
Nebraska
Central . .................... 35 17,400 29,700 59,800 132,500
West . ... 36 34,700 50,900 76,900 147,500
Mississippi
HiSulphur. . . ................ 40 30,000 50,000 100,000 200,000
loSulphur . .. ............... 41 21,700 38,200 64,100 135,000
Alabama
Hi Sulphur. . . ................ 42 30,000 50,000 100,000 200,000
loSulphur . ................. 43 21,700 38,200 64,100 135,000
Florida
Hi Sulphur. . . ................ 44 30,000 50,000 100,000 200,000
loSulphur . .. ............... 45 21,700 38,200 64,100 135,000
Colorado .. ....................... 50 34,700 50,900 76,900 147,500
Utah. . ..o 53 34,700 50,900 76,900 147,500
WYOMING .« e 55 34,700 50,900 76,900 147,500
Montana . . ......oi i 57 34,700 50,900 76,900 147,500
North Dakota . . . .................. 58 34,700 50,900 76,900 147,500

N.A. = not applicable.
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Depth category
Geographic 2,500- 5,000- 10,000-

State/district unit 0-2,500° 5,000 10,000° 15,000’
SouthDakota..................... 59 34,700 50,900 76,900 147,500
Minois . . ......................... 60 17,400 29,700 59,800 132,500
Indiana. .......................... 61 17,400 29,700 59,800 132,500
Ohio

West.........cociiiii.. 62 17,400 29,700 59,800 132,500

East............ ... ... 63 8,900 29,500 N.A. N.A.
Kentucky

West. . ... 64 17,400 29,700 N.A. N.A.

East............ ... .. 65 8,900 29,500 N.A. N.A.
Tennessee

West.........covviiinin.. 66 17,400 29,700 N.A. N.A.

East............ ... ... 67 8,900 29,500 N.A. N.A.
Pennsylvania...................... 70 8,900 29,500 N.A. N.A.
NewYork........................ 71 8,900 29,500 N.A. N.A.
WestVirginia . .................... 72 8,900 29,500 N.A. N.A.
Virginia . . ... 73 8,900 29,500 N.A. N.A.
Alaska

NorthSlope . ................ 80 N.A. N.A. N.A. N.A.

Cooklnlet................... 81 N.A. N.A. N.A. N.A.

N.A. = not applicable.
Note:

Costs of conversion of existing producing or injection well to
“new” producing or injection well include those to workover old
wells and equipment for production or injection service for EOR.

Costs are averaEes ofcosts for woduction wells and infection wells

conversion.

Table B-34

Bask Operating and Maintenance Coats for Production and Injection Wells

(dollars per well per year)

and are calculated based on percentages of applicable items of new
well driling costs and equipment costs required for workover or

Depth category
o Gengﬁ_\DhIC 2,500- 5,000- 10,000~
State/district unit 0-2,500’ 5,000’ 10,000’ 1 5,000’
California
EastCentral ................. 1 11,600 15,700 17,500 19,800
CentralCoast. . .............. 2 11,600 15,700 17,500 19,800
South...................... 3 11,600 15,700 17,500 19,800
Offshore .. .................. 4 60,000 60,000 75,000 75,000
<=200WD . ... 90 60,000 60,000 75,000 75,000
201-400WD . . . ... ... ... 91 60,000 69,000 84,000 84,000
401-800WD . . .. ... ... 92 60,000 72,000 90,000 90,000
>=800WD . . .............. 93 60,000 84,000 105,000 105,000
Louisiana
North. .. ... 5 9,900 13,900 16,500 16,900
SOUth . oo 6 8,800 12,200 15,200 15,800
Offshore . . .................. 7 60,000 60,000 75,000 75,000
<=200WD . ... 95 60,000 60,000 75,000 75,000
201 -400WD . . . ... 96 60,000 69,000 84,000 84,000
401 -800WD . . .. ... ... .. 97 60,000 72,000 90,000 90,000
>=800WD . ....,.......... 98 60,000 84,000 105,000 105,000
Texas
Lo 8 9,900 13,900 16,500 16,900
2 9 9,900 13,900 16,500 16,900
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Depth category

Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500° 5,000 10,000 15,000
< 10 9,900 13,900 16,500 16,900
A 11 9,900 13,900 16,500 16,900
B 12 9,900 13,900 16,500 16,900
B 13 9,900 13,900 16,500 16,900
70 . 14 8,000 8,600 11,700 13,000
TC, v vy e 15 8,000 8,600 11,700 13,000
B 16 8,000 8,600 11,700 13,000
BA e 17 8,000 8,600 11,700 13,000
e 18 8,000 8,600 11,700 13,000
lo . 19 10,000 11,100 15,500 18,000
Offshore .. .................. 20 60,000 60,000 75,000 75,000
<=200WD. .............. 95 60,000 60,000 75,000 75,000
201-400WD . ... 96 70,000 70,000 84,000 84,000
401-800'WD . ............. 97 72,000 72,000 90,000 90,000
>=800WD. .............. 98 84,000 84,000 105,000 105,000
New Mexico
East............. ... i, 23 8,000 8,600 11,700 13,000
West. . ... 24 8,700 14,400 25,500 41,800
Oklahoma........................ 25 10,000 11,100 15,500 18,000
Kansas
West. . ... 30 10,000 11,100 15,500 18,000
East............ ... .. 31 10,000 11,100 15,500 18,000
Arkansas
North....................... 32 10,000 11,100 15,500 18,000
South....................... 33 9,900 13,900 16,500 16,900
Missouri. . . ............ .. ... 34 10,000 11,100 15,500 18,000
Nebraska
Central..................... 35 10,000 11,100 15,500 18,000
West....................... 36 8,700 14,400 25,500 41,800
Mississippi
HiSulphur. . ................. 40 15,000 21,000 24,600 27,000
LoSulphur.................. 41 9,900 13,900 16,500 16,900
Alabama
HiSulphur. . ................. 42" 15,000 21,000 24,600 27,000
LoSulphur.................. 43 9,900 13,900 16,500 16,900
Florida
HiSulphur. . ................. 44 15,000 21,000 24,600 27,000
LoSulphur.................. 45 9,900 13,900 16,500 16,900
Colorado . .......ovvii 50 8,700 14,400 25,500 41,800
Utah........... ... .. ... ... .. ... 53 8,700 14,400 25,500 41,800
Wyoming . ......ovviii i 55 8,700 14,400 25,500 41,800
MONEANA . . o o oo e e e e 57 8,700 14,400 25,500 41,800
North Dakota . . ... ...covv i 58 8,700 14,400 25,500 41,800
SouthDakota . . . .........ccuvu... 59 8,700 14,400 25,000 41,800
MiNOIS . . oo 60 6,000 .6,700 9,900 10,800
INndiana. . ..o oo 61 6,000 6,700 9,900 10,800
Ohio
WESt . . oo 62 6,000 6,700 9,900 10,800
East............. ... ..., 63 2,300 2,600 N.A. N.A.
Kentucky
West.........cciiiiii.. 64 6,000 6,700 N.A. N.A.
East . ... 65 2,300 2,600 N.A. N.A.
Tennessee
WeESt. . oo 66 6,000 6,700 N.A. N.A.
East . . oo 67 2,300 2,600 N.A. N.A.
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“Depth category
Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500° 5,000’ 10,000’ 15,000’
Pennsylvania . . .................... 70 2,300 2,600 N.A. N.A.
New YOrk . . . ..o 71 2,300 2,600 N.A. N.A.
West Virginia . . .. ... 72 2,300 2,600 N.A. N.A.
virginia . ... 73 2,300 2,600 N.A. N.A.
Alaska
North Slope . . . .............. 80 N.A. N.A. N.A. N.A.
Cooklnlet................... 81 N.A. N.A. N.A. N.A.

N.A. = not applicable.
Note:

Direct annual operating expense, including waterflooding, in-
eludes expenditures for operating producing wells and operating a
water injection system. These operating expenditures include the

normal daily operating expense, surface repair and maintenance ex-
pense, and subsurface repair; maintenance and services. These are
average expenditures per producttin we//, and include the expend-
itures of operating an injection system,

Table B-35
Incremental Injection Operating and Maintenance Cost*

(dollars for injection well per year)

Depth category
Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500 5,000 10,000 15,000
California
EastCentral ................. 1 7,700 6,900 11,600 13,200
CentralCoast. . .............. 2 7,700 6,900 11,600 13,200
South....................... 3 7,700 6,900 11,600 13,200
Offshore . ................... 4 40,000 40,000 50,000 50,000
<=200°'wD ................ 90 40,000 40,000 50,000 50,000
201-400WD . . ... ... ... 91 40,000 56,000 56,000 56,000
401-800°'WD . ............. 92 40,000 48,000 60,000 60,000
>800WD . ............... 93 40,000 56,000 70,000 70,000
Louisiana
North....................... 5 6,600 9,300 11,000 11,300
South....................... 6 6,000 8,100 10,100 10,600
Offshore . ................... 7 40,000 40,000 50,000 50,000
<=2000WD ..., ... ... 95 40,000 40,000 50,000 50,000
201-400'WD .............. 96 40,000 56,000 56,000 56,000
401-800°'WD . ............. 97 40,000 48,000 60,000 60,000
>=800'WD................ 98 40,000 56,000 70,000 70,000
Texas
L 8 6,600 9,300 11,000 11,300
2 9 6,600 9,300 11,000 11,300
P 10 6,600 9,300 11,000 11,300
4 11 6,600 9,300 11,000 11,300
D 12 6,600 9,300 11,000 11,300
6 13 6,600 9,300 11,000 11,300
B 14 5,400 5,800 7,800 8,600
TC 15 5,400 5,800 7,800 8,600
8 16 5,400 5,800 7,800 8,600
SA iy i 17 5,400 5,800 7,800 8,600
O 18 5,400 5,800 7,800 8,600
0. 19 6,700 7,400 10,300 12,000
Offshore .. ................... 20 40,000 40,000 50,000 50,000
<=200'wD. ............... 95 40,000 40,000 50,000 50,000
201-400'WD . . ............ 96 45,000 45,000 56,000 56,000
401-800'WD . . ............ 97 48,000 48,000 60,000 60,000
>=800WD ............... 98 56,000 56,000 70,000 70,000

N.A. = not applicable.
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Depth category

o Geographic 2,500- 5,000- 10,000-
State/district unit 0-2,500" 5,000” 10,000’ 15,000’
New Mexico

BASt . o oo 23 5,400 5,800 7,800 8,600

WeSt . ..o 24 5,800 9,600 17,000 27,900
Oklahoma . .. .......... ... ... ..... 25 6,700 7,400 10,300 12,000
Kansas

WeSt . ..o 30 6,700 7,400 10,300 12,000

EASt . o oo 31 6,700 7,400 10,300 12,000
Arkansas

North . . ... .. 32 6,700 7,400 10,300 12,000

South . .. ... 33 6,600 9,300 11,000 11,300
MISSOUN. . o v oo 34 6,700 7,400 10,300 12,000
Nebraska

Central . ................... 35 6,700 7,400 10,300 12,000

WeSt . .o 36 5,800 9,600 17,000 27,900
Mississippi

Hi Sulphur. . . ................ 40 10,000 14,000 16,400 18,000

Lo Sulphur . . ... ... ... ... 41 6,600 9,300 11,000 11,300
Alabama

Hi Sulphur. . . ................ 42 10,000 14,000 16,400 18,000

loSulphur . . ................ 43 6,600 9,300 11,000 11,300
Florida

Hi Sulphur. . . ................ 44 10,000 14,000 16,400 18,000

Lo Sulphur . . ....... ... .. ... 45 6,600 9,300 11,000 11,300
Colorado . . ... oii 50 5,800 9,600 17,000 27,900
Utah . ... ... 53 5,800 9,600 17,000 27,900
WYOmIiNg . .o v e 55 5,800 9,600 17,000 27,900
Montana . ... ..o 57 5,800 9,600 17,000 27,900
North Dakota . . .. ................. 58 5,800 9,600 17,000 27,900
South Dakota . . ................... 59 5,800 9,600 17,000 27,900
Minois . .. ... 60 4,000 4,400 6,200 7,200
Indiana . ................ .. ... ..... 61 4,000 4,400 6,200 7,200
Ohio

WeSt . .o 62 4,000 4,400 6,200 7,200

East........ ..., 63 1,600 1,800 N,A. N.A.
Kentucky

West .. ... 64 4,000 4,400 N.A. N.A.

East . ... 65 1,600 1,800 N.A. N.A.
Tennessee

WESE oy v v e 66 4,000 4,400 N.A. N.A.

East........ ... 67 1,600 1,800 N.A. N.A.
Pennsylvania. . .. .................. 70 1,600 1,800 N.A. N.A.
New York . .. ... .o 71 1,600 1,800 N.A. N.A.
West Virginia . . ... ... .. 72 1,600 1,800 N.A. N.A.
virginia . ... 73 1,600 1,800 N.A. N.A.
Alaska

North Slope . ... ............. 80 N.A. N,A. N.A. N.A.

Cookinlet................... 81 N.A. N.A. N.A. N.A.

N.A. = not applicable.

Note:

Direct annual operating expense, including waterflooding, in-
eludes expenditures for operating producing 011 wells and operating
a water injection system, These operating expenditures Include the

normal daily operating expense, surface repair and malntenanceex-
pense, and subsurface repair; maintenance and services These are
average expenditures perproduc(iorrwel~ and include the expend-
Itures of operating an injection system,
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Table B-36
State and Local Production Taxes

Includes Severance, Ad Valorem, and Other Local Taxes.

Table B-37
State Income Taxes

State Income Tax Rates for Corporations.

Geographic
State/district unit Tax rate
California. . .. ............ 1-4 0.080
Louisiana . . . .. ... ... 5-7 0.129
TEXAS . v vt 8-19 0.082
New Mexico . . ............ 23-24 0.090
Oklahoma . ............... 25 0.071
Kansas, .................. 30-31 0.050
Arkansas . . ............... 32-33 0.060
Missouri . . ..o 34 0.050
Nebraska . . ............... 35-36 0.046
Mississippi. . . .o 40-41 0.060
Alabama ................. 42-43 0.061
Florida . .................. 44-45 0.050
Colorado . . ............... 50 0.100
Utah . ... 53 0.050
Wyoming. . . ......... ... 55 0.100
Montana . . ............... 57 0.050
North Dakota . . .. ......... 58 0.050
South Dakota . . . .......... 59 0.000
Minois . .. ................ 60 0.020
Indiana. . . ................ 61 0.050
Ohio . ..o 62-63 0.050
Kentucky. . . .............. 64-65 0.050
TENNESSEe. . . . . ot 66-67 0.050
Michigan . ................ 69 0.050
Pennsylvania. . .. .......... 70 0.050
New York . ............... 71 0.050
West Virginia . . ........... 72 0.050
Virginia. . ... 73 0.050
Alaska ................... 80-81 0.080

Geographic
State/District unit Tax Rated
California . .. .............. 1-4 0.09
louisiana . . .. ............. 5-7 0.04
TEXAS . o oot 8-19 -
New Mexico. . .. .......... 23-24 0.03
Oklahoma . ............... 25 0.04
Kansas . .................. 30-31 0.04
Arkansas . . ............... 32-33 0.05
MiSSOUM. © . v o oo 34 0.05
Nebraska . ................ 35-36 0.05
MiSSiSSIPPI « « « . 40-41 0.03
Alabama ................. 42-43 0.05
Florida . .................. 44-45 0.05
Colorado . ................ 50 0.05
Utah ... ..o 53 0.04
WYoming . .. oovvvii 55 0.05
Montana . ................ 57 -
North Dakota . . .. ......... 58 0.06
South Dakota . .. .......... 59 0.04
Minois . .. ................ 60 -
Indiana . .................. 61 0.05
Ohio.................... 62-63 0.05
Kentucky. ... . .. ... .... 64-65 0.05
Tennessee. . . . ............ 66-67 0.05
Michigan . ................ 69 0.05
Pennsylvania. . .. .......... 70 0.05
New York . .. ... ... 71 0.10
West Virginia . . . .......... 72 0.05
virginia . ... 73 0.05
Alaska .. ................. 80-81 0.05

Source: State tax records.

Offshore Costs

Basic offshore development and operating
costs were placed in one of two categories, de-
pending on whether the costs varied or not with
water depth. They were derived from U.S. Bureau
of Mines data and a Lewin and Associates, Inc.,
study for OTA. All costs were updated to
mid-1976 using similar inflation indices as ap-
piied for the onshore cost models.

Costs That Do Not Vary With Water Depth

Three cost items within basic development
and operating costs, while varying by reservoir

‘Percent of value of gross production, paid in year incurred.

Source: Local and State tax records verified by production comp-
any data,

depth, are not materially affected by water
depth. These are:

well, lease, and field equipment costs for
producing wells;

New injection equipment for injection
wells;and

+ Well workover and conversion costs.

These cost data are presented in table B-38.

Air costs (for injection) were set at the same
value as in the in situ combustion cost model.



Table B-38
Offshore Costs That Do Not Vary by Water Depth

(costs in dollars)
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Reservoir depth categories
Activit 0- 2,400- 5,000- 10,000-
ctivity 2,500° 5,000 | 10,000’ 1 5,000’
Well, lease, and field equipment costs per production
well .. 300,000 300,000 300,000 300,000
New injection equipment per injection well . . . . . .. 100,000 100,000 150,000 150,000
Well workover and conversion costs per well. . . . . . 150,000 150,000 170,000 225,000
Costs That Vary With Water Depth . Incremental injection, operating, and main-

The remaining three offshore development

and operating costs do vary by water depth.

These are:
Drilling and completion costs,

Basic operating and maintenance costs,

tenance costs.

These are presented on table B-39. The bases of

the drilling and completion costs are shown in ta-
ble B-40.-This table gives a breakdown of the
drilling and completion costs by water depth.

Table B-39
Offshore Costs That Vary by Water Depth

(costs in dollars)

Reservoir depth categories
Activity 2,500- 5,000- 100,000-
0-2,500” 5,000’ 1 00,000 1 50,000’
Drilling and completion costs per foot per well, by
water depth:
<200 flov v oo e 112.32 96.87 101.44 97.87
201-400ft. . .o 112.32 130.64 121.49 111.24
401-800 ft............ .. 112.32 225.82 178.00 148.92
S800 ft . oo 112.32 522.30 354.04 266.27
Basic operating and maintenance costs per well per
year, by water depth:
<200 fto oo 60,000 60,000 75,000 75,000
201-400 ft. . ..o 60,000 69,000 84,000 84,000
401-800 ft. . .. ... ... 60,000 72,000 90,000 90,000
S800 ft. ..oy 60,000 84,000 105,000 105,000
Incremental injection operating and maintenance
costs per injection well per year, by water depth:
<200 ft. .. 40,000 40,000 50,000 50,000
201400 ft. . .o 40,000 46,000 56,000 56,000
401-800ft. ... ... 40,000 48,000 60,000 60,000
>800 ft.. . oo 40,000 56,000 70,000 70,000

“No reservoirs in this depth category-average figure used in water depth categories.
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Tabie B-40
Driiiing and Completion Cost Bases

(costs in dollars)

Depth category
2,500-5,000 5.000-10.000 10,000-15,000
A. 0-200° WATER DEPTH
(Mean = 100’ WD)
(1) Av. Cost/ft. (Incl. av. platform), JAS, updated . . .. .. ... 110.32 109.42 103.20
(2) X wghtd. av. depth (JAS) . . ............. ... ........ 4,760 8,000 12,000
(3) =Awv.totalcost/well. .. .......... ... . ... .. .. .. .. 524,020 875,360 1,238,400
(4) Av. platform cost (assume 18-slot, 12 at 100", 12 at 300’
WD) Lo 7,000,000 7,000,000 7,000,000
(5) 7/ Av. No. wells (Assume 18) = Av. platform cost/well. . . 388,900 388,900 388,900
(6) Line (3) - Line (5) = Av. Driling and completion (D&C)
costs per wWell ..., ..o 135,120 486,460 849,500
(7) Line (6) / (2) = Av. Drilling cost/ft. (ex. platform) . . . . 28.45 60.81 70.79
(8)  Av. platform for depth (1 2-slot) @ $3.9 million 712 slots
= Platform cost/iwell. .. ........ ... ... ... .. . 325,000 325,000 325,000
9) Line (8) / Line (2) = Av. Platform cost/f t.. . . ... ........ 68.42 40.63 27.08
|0) Line (9) + Line (7) “= Av. D&C cost incl. platform . ... ... 96.87 101.44 97.87
B. 201-400° WATER DEPTH
(Mean = 300" WD)
Line (1) - (6) - See Section A
Line (7) Average drilling cost/ft. (ex. platform) . .. ... ... 28.45 60.81 70.79
Line (8) Av. platform for depth (half 18, half 24, 12e $8.7
million / 18 dots 1/2e si1./milion / 24 slots . . . .. .. .. 485,400 485,400 485,400
(9) Line (8) / Line (2) (wght. av. depth) = Av. platform
COSH/Mt. o et 102.19 60.68 40.45
(lo) Line (9) + Line (7) = Av. D&C cost incl. platform . . . . . .. 130.64 121.49 111.24
C. 401-800° WATER DEPTH
(Mean = 600" WD)
Lines (1) — (6) — See Section A
Line (7) Av. driling cost/ft. (ex. platform). .. ........... 28.45 60.81 70.79
Line (8) Av. platform. @ $22.5 million / 24 slots . . . . . . 937,500 937,500 937,500
(9) Line (8) / (2) — Av. platform. cost/ft. , . ... ............ 197.37 117.19 78.13
(lo) Av. D&C costs incl. platform . . ...................... 225.82 178.00 148.92
D. Greater Than 800" WATER DEPTH
(Mean = 1,000° WD)
Lines (1) - (6) — See Section A
Line (7) Av. drilling cost/ft (ex. platform) . . ... ......... 28.45 60.81 70.79
Line (8) Av. platform @ $56.3mm / 24 slots ... , . . . . ... 2,345,800 2,345,800 2,345,800
9 Line 8)/Line(2........ooiiiiiiiiii 493.85 293.23 195.48
(lo) Av. D&C costs incl. platform. . .. ......... ... ... ... ... 522.30 354.04 266.27
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